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Preface 

 
This PhD thesis, entitled ''Diversity of petroleum in terms of source rock properties and secondary 

alteration processes'' has been submitted to the department of Geosciences, University of Oslo in 

accordance with the requirement for the degree of Philosophiae Doctor (PhD) in Petroleum 

Geoscience. The study was part of the ''Common Ground–Petroleum System Research Project'' at 

the department of Geosciences, University of Oslo. This PhD work was conducted at the 

Department of Geosciences, University of Oslo, Norway in the period 2013-2017, and was 

supervised by Prof. Dr. Dag Arild Karlsen, University of Oslo and co-supervised by Dr. Jon 

Halvard Pedersen, Lundin Norway. The project was financed by Lundin Norway. Courses 

required for the fulfillment of the PhD were attended at the University of Oslo. 

The objectives of the study were to describe source rocks, source rock extracts, migrated 

petroleum, production and drill stem test (DST) oils, condensates and inclusion gases in 

diagenetic cement using petroleum geochemistry, and to evaluate the variations in source rock 

potential, source rock organic facies, thermal maturity, biodegradation, water washing and phase 

fractionations. The results were, furthermore, used to evaluate the petroleum generation potential 

of source rocks, to determine the migration of petroleum and the filling history of traps.  

Core sampling was carried out at the Norwegian Petroleum Directorate (NPD), Stavanger, the 

University Centre in Svalbard (UNIS) and at Dora, Trondheim. Additional rock samples were 

kindly provided by Lundin Norway. NORECO ASA provided dataset on condensates and oils 

from the Barents Sea.   

The dissertation consists of five scientific papers. Papers 1 and 2 explore petroleum source rock 

variations inherited from organic matter type, depositional environment, and thermal maturation. 

Papers 3, 4 and 5 focus on petroleum variations occurred after expulsion from the source rock, 

during migration or in the reservoir. The papers are preceded by an introduction, which forms the 

scientific background. While each paper can be read independently, the whole project can be 

thematically seen as consisting of two parts: source rock (papers 1 and 2) and migrated petroleum 

(papers 3, 4 and 5). In addition to the published papers, the project has resulted two online articles 

in Norwegian (http://www.geoforskning.no), an extended abstract, seven poster and a number of 

oral presentations. 

The findings have implications for petroleum system understanding and provide useful input data 

concerning implementing future oil and gas exploration and production activities in the 

Norwegian Continental Shelf. 

 

 

Oslo, August 2017 

 Tesfa B. Abay 
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1 Introduction 
 

 Petroleum Geochemistry – Historic background 1.1
 
Petroleum is a naturally occurring complex mixture of organic compounds composed 

essentially of carbon and hydrogen and is found in gaseous, liquid or solid states (Peters et al., 

2005; Tissot and Welte, 1984). Petroleum is understood here to include crude oil, condensate, 

natural gas, rock extract and related bitumen. Petroleum (from seeps) has been known since 

ancient times and utilized for many purposes including in construction, as medicine, for water 

proofing and adhesive (e.g. Connan, 1999). However, exploitation for commercial quantities 

in relation to fuel for combustion engines began in the last century (Hunt, 1996), as an 

alternative to another organic substance, coal which was important to the industrial revolution. 

The use of oil is related both to its high energy content and ease of transportation, and also to 

all its distillation products. 

 

The international energy agency (IEA, 2016) predicts an increase in consumption of fossil 

fuels over the next 20 years, owing in part to a global energy demand which is projected to 

show a 30% rise in 2040. Finding commercial quantity of petroleum requires the integrity of 

principles from several geoscience disciplines. One such discipline is petroleum geochemistry, 

which is defined as ''the application of chemical principles to the study of the origin, 

migration, accumulation, and alteration of petroleum and the use of this knowledge in the 

exploration and recovery of petroleum'' (Hunt, 1979).  

 

Petroleum geochemistry can be traced back to the 19th century when the significance of 

petroleum as a natural resources was recognized (Hunt et al., 2002). In the second half of the 

19th century, distillation of petroleum to obtain kerosine was already adopted and the 

importance of organic matter as a likely source of petroleum was recognized (Hunt et al., 

2002). However, petroleum geochemistry developed in the first part of the 20th century when 

organic chemistry became a useful tool to determine the composition of petroleum and was 
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applied to petroleum geology (Hunt et al., 2002). Still, the role of petroleum geochemistry in 

petroleum exploration become increasingly important only since the 1980s (Hunt, 1996).  

 

In its infancy, the application of petroleum geochemistry was limited to investigating the 

origin and deposition and to measuring and mapping organic matter of source rock sediments 

(Hunt, 1961; Hunt and Jamieson, 1956; Hunt and Meinert, 1958; Philippi, 1956; Ronov, 1958; 

Trask et al., 1932; Trask and Wu, 1930; Treibs, 1934). The early techniques of petroleum 

geochemistry include the discovery of porphyrin (Treibs, 1936), the use of carbon isotopes to 

organic matter in sediments and petroleum (Silverman and Epstein, 1958) and the 

identification of petroleum compounds (Rossini, 1960). The identification of porphyrins 

hinted the link between molecules in living organisms and in petroleum. While Ronov (1958) 

noted the relationship between organic rich rocks and the occurrences of oil fields, correlation 

of commercial oils with source rock had already been conducted in 1954 when techniques 

such as fractionation, column chromatography, infrared and elemental analysis developed 

(Hunt and Jamieson, 1956; Hunt et al., 1954). Carbon isotopic composition was further 

applied to differentiate between marine and terrestrial derived organic matters as well as 

correlation studies (Galimov, 1980; Sofer, 1984; Stahl, 1977). The structure and properties of 

kerogen were examined by Forsman and Hunt (1958) and its role in petroleum generation was 

subsequently recognized (e.g. Abelson, 1963). Surface prospecting mainly involving the use 

of oil seeps were among these early recognized applications of petroleum geochemistry (Hunt 

et al., 2002). The popularity of petroleum geochemistry was evident in 1958 when a patent 

was issued in recognition of its role to source rock prospecting (Hunt and Meinert, 1958).  

 

Advances in analytical tools such as the use of chromatographies in the early 1960s provided 

new and more detailed data on organic matter compounds found in sediments and petroleum 

that would form basis for new ideas like biomarkers (Eglinton and Calvin, 1967; Eglinton et 

al., 1964; Hunt et al., 2002; Tissot and Welte, 1978). Coupling of gas chromatography with a 

mass spectrometry or of gas chromatography with an isotope ratio mass spectrometry further 

enhanced the characterization of organic matter in the 1970s and 1980s (Hunt et al., 2002). 

Rock-Eval pyrolysis instrument was introduced by Espitalié et al. (1977) and is now routinely 

applied in source rock characterization.  
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The late 1970s saw the emergence of hydrous pyrolysis which stimulates the kerogen in the 

source rock (Lewan et al., 1979) and provided data on the behaviour of the petroleum 

products generated from the kerogen with increasing temperature. Prior to the advent of 

hydrous pyrolysis, several works have already been carried out concerning oil–generation 

processes including the concept of oil window, thermal maturity, kerogen composition, timing 

and depth of generation (Connan, 1974; Dow, 1977; Lopatin, 1971; Philippi, 1965; Tissot et 

al., 1974; Waples, 1980). However, improved understandings about the generation, expulsion, 

migration of petroleum and cracking of oil was achieved in the 1980s through the 

development of models, which are related to improved computer capabilities (Katz et al., 

1982; Ungerer et al., 1988; Welte and Yukler, 1981; Welte et al., 1983). Basin modelling has 

since become an integral part of petroleum exploration. 

 

Following the early identifications of petroleum compounds, a large number of novel 

biomarker and aromatic hydrocarbon ratios that are today widely applied in petroleum 

geochemistry were proposed in the late 1970s and the 1980s (Cornford et al., 1986; 

Mackenzie, 1984; Mello et al., 1988; Moldowan et al., 1983; Radke, 1988; Radke et al., 1986; 

Seifert and Moldowan, 1986; Seifert and Moldowan, 1978). The progressive developments of 

the analytical techniques and of new concepts broaden the applicability of petroleum 

geochemistry. Hence, organic matter compounds of petroleum were discussed in detail in 

relation to organic facies (e.g. Huc et al., 1985), depositional environments (e.g. Moldowan et 

al., 1985) and sequence stratigraphy (e.g.  Katz et al., 1993). 

 

The application of petroleum geochemistry, as a science, to reservoired fluids is relatively 

recent, but its role in solving reservoir related problems has been well-demonstrated (e.g. 

Dahl and Speers, 1985, 1986; Dahl and Yukler, 1991; England and Mackenzie, 1989; England 

et al., 1987; Horstad et al., 1995; Karlsen and Larter, 1989; 1991; Karlsen et al., 1993; 

Stoddart et al., 1995; Wilhelms et al., 1996; Wilhelms and Larter, 1995). At present, 

petroleum geochemistry along with other related disciplines is extensively used during 

exploration, development and production phases of petroleum exploitation activities. For 

example, geochemical data are needed in the exploration phase to identify a pod of active 

source rock and prospects and in the production phase, to optimize production and enhance 

recovery. More details on the applications of petroleum geochemistry can be found in Cubitt 
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and England (1995); Dembicki (2016); Huc (2013); Hunt (1996); Killops and Killops (2005); 

Peters et al. (2005); and Tissot and Welte (1984). 

  

The ultimate goal of petroleum geochemistry is to increase the success rate of finding 

petroleum by improving exploration and production efficiency (Hunt et al., 2002; Peters and 

Fowler, 2002). For example, Sluijk and Parker (1986) reported a 63% increase in exploration 

efficiency when geochemical input data are integrated with other exploration programs.  

Petroleum geochemistry, therefore, plays an important role in enhancing the supply of 

petroleum, needed to satisfy the ever-growing energy demand as the global population is 

projected to reach about 10 billion by 2050 (UN-DESA, 2015). In my view, in light of this, 

two challenges become apparent concerning future petroleum exploitation. The first is 

looking for additional petroleum in less mature or frontier areas. The second challenge will 

focus on recovering the so-called heavy petroleum which may include petroleum found in 

traps that are concluded unprofitable at present or petroleum left behind in fields after 

production. The amount of petroleum that could be recovered from existing fields through 

improved recovery techniques can be very significant. For example, it is estimated that more 

than 50% of the total proven resources in the Norwegian fields may be left behind after the 

end of production (NPD, 2013) and that improved recovery methods are needed. The 

contribution of petroleum- and reservoir-geochemistry, in this case, will be dealing with the 

many variables that control the petroleum available for entrapment. With this in mind, the 

thesis attempts to shed some light on the variations of petroleum in terms of parameters that 

affect source rock properties and composition of reservoired petroleum. The thesis presents 

case studies from the Norwegian Continental Shelf (NCS), which is among the most 

hydrocarbon prolific regions of the world and has played a key role in the development of 

knowledge of petroleum geochemistry. While the North Sea and the Norwegian Sea are, in 

general, mature provinces in terms of petroleum exploration, the Norwegian Barents Sea and 

Svalbard are still unexplored. Even though recent exploration activities in the Barents Sea 

have met with significant success, there is only limited public literature that focuses on the 

petroleum systems of this area.   
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 Variations in petroleum composition 1.2
 
Petroleum in reservoirs is often geochemically diverse or heterogeneous, both laterally and 

vertically (e.g. Dahl and Speers, 1986; Karlsen et al., 1995; Leythaeuser and Rückheim, 1989; 

Tissot and Welte, 1984). A number of studies, devoted to understanding the reasons and 

consequences of diversities in petroleum composition, have already been undertaken long ago 

(Bailey et al., 1973a; Bailey et al., 1973b; Dahl and Speers, 1986; Espach and Fry, 1951; 

Evans et al., 1971; Hirschberg, 1988; Hunt, 1979; Justwan and Dahl, 2005; Karlsen et al., 

1995; 2004; Karlsen and Skeie, 2006; Milner et al., 1977; Sage and Lacey, 1939; Tissot and 

Welte, 1984; Tyson, 1995). These studies have revealed that the factors that cause 

heterogeneities in petroleum composition in reservoirs can roughly be related to 1) variations 

in source rock organic facies and source rock maturity and 2) secondary alteration processes. 

Geochemical data of petroleum, even in minor quantity, convey information regarding these 

factors. Ultimately, this may result in a better understanding and prediction of resource 

locations and in optimizing of production.  

 

Organic facies, which considers both the type of original organic matter and its depositional 

environment as proposed by Rogers (1980), exerts the initial control on the bulk and 

molecular composition of petroleum and on the likely occurrences (and lateral variability) of 

hydrocarbon generating source rocks (Tyson, 1995). Furthermore, organic facies along with 

thermal maturity determines the type (oil or gas) and timing of petroleum being generated and 

expelled from the source rock (Peters, 1986; Peters et al., 2005; Tissot and Welte, 1984). For 

example, source rocks that contain organic matter of predominantly Type III kerogen from 

higher plants yield gaseous compounds as main hydrocarbon phase, while those dominated 

with Type I and II kerogens from algae and bacteria produce mainly oil. Type I and II 

kerogens will also produce gaseous hydrocarbon compounds, depending on the type of 

depositional environments. Understanding the variation in organic facies thus helps to explain 

why some sediments are non-source, some are both oil- and gas-prone and some are only gas-

prone while others are oil-prone (e.g. Rogers, 1980). Such detail information is very limited in 

the Barents Sea and Svalbard areas where the data set for this thesis is mainly obtained.  

 

Migrated and reservoired petroleum is prone to additional alteration effects (Bailey et al., 

1973a; Bailey et al., 1973b; Evans et al., 1971; Larter and Aplin, 1995; Tissot and Welte, 

1984) because, in addition to facies and source rock maturation, a number of post-depositional 
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processes (secondary alteration processes) modify the petroleum during expulsion, migration 

and also in the reservoir.  

 

Secondary alteration processes include biodegradation, water washing, evaporative 

fractionation, gas-stripping, cap rock leakage, in-reservoir thermal maturation, deasphalting 

and mixing of successive petroleum charges (e.g. England et al., 1987; Karlsen and Larter, 

1989; Leythaeuser and Rückheim, 1989; Tissot and Welte, 1984). The impact from these 

processes can bring about substantial modifications on the original petroleum composition 

(Tissot and Welte, 1984), which in turn can have implications on the production and 

economic value of the petroleum. For example, biodegradation which occurs in most shallow 

reservoirs with access to meteoric waters (e.g. Ahsan et al., 1997) reduces the quality of the 

oil and increases the overall viscosity of the oil making it more difficult to produce. 

Biodegradation has significantly affected the majority of global petroleum (e.g. Head et al., 

2003). Similarly, phase fractionation (England et al., 1987; Silverman, 1965; Thompson, 1988) 

and gas-stripping which modify the composition of the petroleum during migration from deep 

sources towards structurally high traps are of great importance. Most of these alterations in 

the composition of the petroleum and distribution patterns are closely associated with uplift 

(e.g. Karlsen et al., 2004). Related to this, a single-phase petroleum separates into two phases 

as pressure decreases (Silverman, 1965). An expanding gas phase in a reservoir with a good 

cap rock may force the oil below it and under a potential closure, resulting in remigration of 

oil to a shallower trap (Karlsen et al., 2004; Lerch, 2016; Ohm et al., 2008). This new pool 

contains a fluid with higher API gravity than the one left behind, i.e. Gussow type remigration 

regime (cf. Gussow, 1954).  

 

Migrated petroleum, as utilized in this thesis, refers to bitumen which is thermally mature and 

which has therefore been expelled and migrated from its source rock (Cornford, 1998). 

However, prior to taking on a detailed investigation of compositional heterogeneities in 

migrated petroleum, it is noteworthy that evidence for actually migrated petroleum, as 

opposed to in-situ petroleum, is evaluated (cf. Bojesen-Koefoed et al., 1999; Pedersen, 1986). 

This distinction between the in-situ source-rock bitumen and migrated petroleum is 

particularly important and rewarding in frontier areas where knowledge of petroleum system 

is limited. A case study which documents such geochemical evidence for migrated petroleum 

in one of Arctic's unexplored areas is therefore presented in Paper 3. 
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The methodologies utilized for this thesis were those of traditional petroleum geochemical 

techniques (see below). The primary focus of this thesis was to study the geochemical 

compositions of source rocks, source rock and reservoir rock extracts, production and drill 

stem test (DST) oils, condensates, and gas inclusions in diagenetic cement. In light of the data 

obtained from the geochemical analyses in this study, it is then shown that petroleum is 

diverse in terms of variations in kerogen type, composition, thermal maturity, biodegradation, 

water washing and evaporative fractionations. Still, it is demonstrated that genetic relationship 

between a source rock and accumulated petroleum (migrated bitumen, oil, gas, and 

condensate) can be established. 

 

To demonstrate petroleum heterogeneities in traps and to relate this to the application of 

reservoir descriptions, such as reservoir continuity, trap filling history and mixing of 

petroleum from various source rocks, data are presented systematically, analogous to that of 

geophysical and sedimentological logs. Such presentation of data reveals subtle differences in 

composition downhole and thus one may be able to identify, for example, the presence of 

polar enriched zones, which may indicate barriers that have implications on the reservoir 

communication (Karlsen and Larter, 1989). Karlsen and Larter (1989) demonstrated vertical 

reservoir heterogeneities on a sub-meter scale by analyzing extracts by Iatroscan TLC-FID 

(thin layer chromatography-flame ionization detection), which allows differentiation of bulk 

petroleum into compound fractions. These fractions are the hydrocarbon compounds, i.e. 

saturated hydrocarbon and aromatic hydrocarbon compounds and the nonhydrocarbon polar 

compounds (asphaltenes and resins), also commonly referred to as the NSO fraction. This 

technique has successfully been used to determine if there exist vertical communication 

between parts of a reservoir, to discriminate between producing and nonproducing zones, and 

to identify mixing processes (e.g. Karlsen and Larter, 1989; Leythaeuser and Rückheim, 

1989). Such data from one well can further be correlated laterally with data from another 

nearby well to assess the lateral connectivity of reservoirs. However, this later issue was not 

part of the present study.  

While many of the factors that affect the composition of source rock-bitumen and oils and the 

resulting heterogeneities are well understood and are predictable, this thesis sheds some light 

on these issues in previously less explored areas of the NCS. 
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 Objectives and structure of the thesis 1.3
 
The aim of this PhD thesis is to demonstrate that information from geochemical analyses of 

rock samples, rock extracts, oils, condensates and of inclusion gas in diagenetic cement can be 

used to infer the diversity of petroleum composition, which is significantly relevant to 

exploration and production. The thesis consists of five scientific papers. 

Papers 1 & 2 address variations in source rock properties such as hydrocarbon potential and 

kerogen type that result from differences in organic facies and source rock maturation. Paper 

1, in particular, attempts to demonstrate how sediments of equivalent age laterally vary in 

their source rock properties because of differences in organic facies. This is followed by 

Papers 3, 4 & 5, which investigate expelled petroleum (reservoir rock extracts, seepage oil, 

production and DST oils, condensates, and inclusion gases). The later papers thus describe 

petroleum heterogeneities occurring not only due to the differences in organic facies, or due to 

the variations in source rock maturation, but also due to secondary alteration processes that 

affect the petroleum after expulsion, in the carrier beds or the reservoir. In this respect, papers 

3–  aim to investigate some migration and reservoir alteration effects induced by 

biodegradation, water washing, thermal maturation and evaporative fractionation. 

 

Some key questions to address in this case include whether or not these petroleum 

geochemical heterogeneities can be applied to: 

• Determine potential source rocks and their facies variations 

• Distinguish between indigenous and migrated petroleums 

• Evaluate reservoir continuity/compartmentalization 

• Assess effects of specific alteration processes on reservoir qualities 

• Infer trap filling history 

• Get insight into migration processes  

 

First, a general introduction that forms a scientific background to the study and a brief 

overview of the study areas are given. Then a brief introduction to the samples and the 

analytical method used in this study is given. A summary of each paper including key 

findings and implications is followed. After this, general concluding remarks and some 

recommendations for future investigations are given. Then the five papers are presented. 

Finally, one extended abstract, seven conference abstracts and posters, and two articles 



9 
 

published online in scientific media (in Norwegian) related to this PhD study are given in the 

appendix.  

 

 Formation of petroleum — definitions and 1.4
basics 

 

1.4.1 Organic matter in sediments 
 
It is well documented that petroleum has its origin in sedimentary rocks that are rich in 

organic matter (OM). The term organic matter as described by Tissot and Welte (1984) refers 

to ''material comprised of organic molecules in monomeric or polymeric form derived directly 

or indirectly from organic part of organisms''. Therefore, remains of living organisms along 

with their metabolic processes form the OM matter in sediments (e.g. Hunt, 1996; Jacobson, 

1991; Tissot and Welte, 1984) as elaborated in Figure 1. The main OM-contributing 

organisms are phytoplankton, bacteria, zooplankton and higher plants (Tissot and Welte, 

1984). Planktonic algae are the highest contributors, while higher plants contribute the least.  
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Fig. 1. Living organisms along with their metabolic processes form organic matter in sediments, 
which in turn form petroleum (from Tissot and Welte, 1984). 
 
 
 
 
The deposition of the sedimentary organic matter is controlled by three main factors: primary 

biological productivity, preservation, and dilution by inorganic sediment as shown in Figure 2 

(Walters, 2006; Waples, 1985). However, preservation is more important than the other two 

factors (Bralower and Thierstein, 1984; 1987; Waples, 1985). This is presumably because 

preservation is a rare phenomenon. Generally, only a very small portion (less than 1%) of the 

original organic-rain is preserved and eventually become part of the sedimentary record (Fig. 

3).  
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Fig. 2. The main factors that control the deposition of the sedimentary organic matter: primary 
productivity, preservation, and dilution (from Walters, 2006). 

 

 

Organic rich sediments are known to be deposited in nearly all geological environments and 

conditions. The main depositional settings are lakes, deltas, and marine basins. However, 

preservation of OM occurs in specific conditions such as anoxic environment (Fig. 3), where 

there is more demand for oxygen than supply (Demaison and Moore, 1980). The prevalence 

of the oxygen-depleted condition in the water column discourages microbial activity, which is 

the main cause for the destruction of the organic matter (Fig. 3). According to Demaison and 

Moore (1980), there are four types of anoxic depositional models in which organic matters 

can potentially be preserved: 1) large anoxic lakes, 2) anoxic silled basins, 3) anoxic layers 

caused by upwelling, and 4) open ocean anoxic layers.   
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Fig. 3. Oxic (left) and anoxic (right) depositional conditions which are associated with poor and good 
preservation of deposited organic matter (modified after Demaison and Moore, 1980). Anoxic 
environments are the best sites of OM preservation because scavenging and bioturbation by benthic 
dwellers and degradation by aerobic bacteria are highly restricted. Suboxic depositional environments 
(middle) can be considered to have intermediate preservation capability. The expected kerogen types 
and organic facies of the OM are given. 
 

 

1.4.2 Conversion of organic matter into petroleum 
 
Once OM is preserved in the sediment, the next step in the formation of petroleum is the 

formation of kerogen and the subsequent conversion of the kerogen into petroleum. The 

overall process is a consequence of thermal maturation, which is defined as the process of 

chemical changes in the sedimentary organic matter under the influence of increasing 

temperature over geologic time due to burial (Dembicki, 2016). Figure 4 gives an overview of 

this process, which involves three stages: diagenesis, catagenesis, and metagenesis (Tissot and 

Welte, 1984). 
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Fig. 4. The transformation of organic matter to kerogen and petroleum (oil and gas) involves three 
stages: diagenesis, catagenesis, and metagenesis. Modified from Tissot et al. (1974) and Allen and 
Allen (2013). Distributions of hydrocarbon compounds such as n-alkanes, cycloalkanes, and aromatics 
at different points in the petroleum evolution path are shown. 
 

Diagenesis (formation of kerogen) 

Diagenesis is a process in which sediments in the subaquatic environment become 

consolidated. This happens under conditions of shallow burial, from a few hundred meters to 

a few thousand meters (Horsfield and Rullkötter, 1994; Tissot and Welte, 1984). At the early 

stage of diagenesis, the temperature and pressure conditions favour microbial activity, which 

produces biogenic methane gas as main hydrocarbon (Fig. 4). Increase in burial depth and in 

temperature through time, results in biological, physical and chemical alteration of the 

biopolymerised organic tissues (lipids or fats, proteins, carbohydrates, and lignin), which 

initially break down to monomers (e.g. proteins to amino acids). The monomers condensate 

into a more polycondensed structure called geopolymers, which are the precursors for kerogen 

(Tissot and Welte, 1984).  

 

Kerogen refers to organic matter disseminated within sediments and is insoluble in common 

organic solvents, such as dichloromethane (Forsman and Hunt, 1958; Peters et al., 2005). The 

other fraction of the organic matter, which is soluble in organic solvents, is called bitumen 
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(Fig. 5). Bitumen comprises hydrocarbon fraction (aliphatic hydrocarbon and aromatic 

hydrocarbon) and nonhydrocarbon fraction (resins and asphaltenes) as shown in Figure 5. 

Kerogen is considered to be the largest form of sedimentary organic matter compared to other 

forms of OM like coal, asphalt, gas, and oil (Durand, 1980; Vandenbroucke and Largeau, 

2007). According to Huc (2013), kerogen may comprise for about 80–95% of the total OM 

content in sediments. Kerogen, the end product of the diagenesis stage and the precursor for 

petroleum, consists of complex and very large molecules which require further heating.  

 

Fig. 5. The organic matter preserved and 
incorporated into sediments comprises a 
very small portion of the bulk sedimentary 
rock. This organic matter has two 
fractions, insoluble organic matter 
(kerogen) and soluble organic matter 
(bitumen or EOM). The latter is analogous 
to petroleum, which is composed of 
saturated and aromatic hydrocarbon 
compounds and nonhydrocarbon polar 
compounds (resins plus asphaltenes). 
Modified after Tissot and Welte (1984).  
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Catagenesis (oil and wet gas window) 

With time and progressive burial, the temperature and pressure increase considerably 

(Horsfield and Rullkötter, 1994; Tissot and Welte, 1984), beyond that of the diagenesis stage. 

This leads to catagenesis, a process in which the further increase in temperature and pressure 

causes the kerogen to progressively crack down into bitumen, oil, and gas over long 

geological time. Once the kerogen enters the catagenesis stage, the beginning of petroleum 

generation has been surpassed (Dembicki, 2016).  

 

The main driving force for catagenesis is temperature (Price, 1983), which in turn is 

controlled by burial depth and heat flow (Barker, 1974). The temperature extent over which 

catagenesis is described ranges from about 50 °C to 200 °C (cf. Tissot and Welte, 1984), 

corresponding to about 0.5–2% vitrinite reflectance (Peters et al., 2012). However,  most 

liquid hydrocarbon compounds are generated and expelled between 60 °C and 160 °C, which 

is referred to as the oil window (Hunt, 1996). Temperatures higher than that of the oil window 

result in the generation of mostly light hydrocarbon compounds (Fig. 4). For example, 

according to Tissot and Welte (1984), light oils, condensates, and gaseous hydrocarbon 

compounds are quantitatively generated when the organic matter is buried to a temperature of 

about 150 °C to 180 °C. At this stage, there is an apparent cracking of previously evolved 

hydrocarbon compounds into gaseous molecules (e.g. Killops and Killops, 2005). As the 

kerogen progressively releases fluids (oil and gas) that are rich in hydrogen, the remaining 

kerogen, on the other hand, becomes progressively more hydrogen-depleted and more 

graphitic (Huc, 2013; Hunt, 1996; Tissot and Welte, 1984). 

 

Metagenesis (Dry gas window) 

The third stage involved in the conversion of organic matter into petroleum is called 

metagenesis. It corresponds to temperatures between about 200 °C and 250 °C (Hunt, 1996), 

equivalent to about 2–4% vitrinite reflectance (Peters et al., 2005; Tissot and Welte, 1984). 

Metagenesis results in dry thermogenic light hydrocarbon compounds, mainly methane, and a 

solid graphitic carbon residue devoid of hydrogen compounds (Figs. 1 & 4). 

 

In summary, the formation of petroleum follows the principle that progressive increase in 

temperature that arises due to burial causes progressive cracking, i.e. thermal breakdown of 

the sedimentary OM. This principle requires the consideration of temperature with respect to 
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time because conceivably, similar end-results can be achieved either by high temperatures 

over a shorter duration or by low temperatures over a longer duration. However, the role of 

temperature is more important partly because the reaction involved in kerogen decomposition 

is nearly linear with time, while it is exponential with temperature (Dembicki, 2016). The 

product from the kerogen cracking process is petroleum, which is essentially of gaseous and 

liquid hydrocarbon compounds (oil and gas) and hydrogen-depleted graphitic solid residuum. 

During the diagenesis stage in shallow sediments at low temperature, bacterial activity forms 

minor amount of gas, referred to as biogenic gas as opposed to thermogenic gas, which is 

produced during the stages of catagenesis and metagenesis.  
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 The Petroleum system 1.5
 
The formation and accumulation of petroleum require, as necessary factors, many physical 

components and processes that can be unified and described under a set of geological 

situation termed the petroleum system. The petroleum system is defined as a concept that 

''encompasses a pod of active source rock and all related oil and gas and includes all the 

essential elements and processes needed for oil and gas accumulation to exist'' (Magoon and 

Dow, 1994). The essential elements of a petroleum system include source rock, carrier and 

reservoir rocks, seal rock or cap rock, and overburden rock (Fig. 6). The processes are trap 

formation and generation-migration-accumulation of petroleum. The order of development in 

time and space of these elements and processes is fundamental for petroleum accumulation to 

take place (Magoon and Dow, 1994). For example, a trap must exist at the time when 

migration of petroleum occurs; otherwise it will be empty or under-filled.  

It is worth mentioning that, prior to the definition by Magoon and Dow (1994), the petroleum 

system concept was already described as the ''oil system'' (Dow, 1974), the ''generative basin'' 

(Demaison, 1984), the ''hydrocarbon machine'' (Meissner et al., 1984) and the ''independent 

petroliferous system'' (Ulmishek, 1986). A summary of these studies is found in Magoon and 

Dow (1994). 

 

Fig. 6. A schematic presentation of a petroleum system comprising the main elements: source rocks, 
carrier system, reservoir rock, seal or cap rock (from Huc and Vially, 2013). 
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The use of the petroleum system concept is heavily based on petroleum geochemical 

techniques (Magoon and Dow, 1994), which provide data for the understanding of source 

rock properties (Papers 1 & 2), for establishing source-oil/oil-oil correlation and for 

describing petroleum alteration processes, such as maturation, biodegradation, water washing 

and fractionation (Papers 3, 4 & 5). As Magoon and Dow (1994) stated, the investigation 

procedure for the petroleum system starts with characterizing discovered petroleum 

accumulations (i.e. oil and gas). The presence of accumulations, regardless of size, may 

indicate the occurrences of the essential elements and processes and as such may prove a 

working petroleum system (Magoon and Dow, 1994). In that case, the most crucial procedure 

would be establishing the genetic relationship between a pod of active source rock and the oil 

and gas accumulations. Work performed in this project (Paper 3) demonstrates how 

geochemical information extracted from oil stains and inclusion gases, from diagenetic 

cement provide a perspective into a working petroleum system. However, Dembicki (2016, p. 

319) questioned the use of seeps and hydrocarbon fluid inclusions as a proof for a working 

petroleum system. He suggested that such proof for a working petroleum system should 

include the ''presence of economically producible petroleum'' as well as the genetic 

relationship between the accumulation and the source rock. 

 

1.5.1 Source rocks 
 
Source rocks are defined as fine-grained sedimentary rocks containing sufficient amount of 

organic matters that have the capability to generate and expel enough quantities of petroleum 

(oil and gas) under subsurface geological conditions (e.g. Claypool and Mancini, 1989; Hunt, 

1996; Tissot and Welte, 1984). The source rock is a prerequisite for every hydrocarbon play 

and prospect appraisal (Demaison, 1984; Magoon and Dow, 1994). If good source rocks are 

not present, further prospecting may be omitted. According to Peters et al. (2012), a source 

rock is said to be ''effective'' if it is currently generating or has generated and expelled, 

''potential'' if it has sufficient organic matter but has not yet expelled, ''active'' if it is 

generating and expelling petroleum at the critical moment, ''inactive'' if it has stopped 

generating because of uplift and/or ''spent'' if it is postmature for oil but can still generate 

methane and wet gas. 
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The petroleum-generating potential of a source rock varies a lot and depends on its organic 

richness (quantity and quality) and its thermal maturity (Hunt, 1996; Peters and Cassa, 1994; 

Tissot and Welte, 1984). These parameters also determine the composition of the generated 

petroleum. 

 

Quantity of organic matter 

The amount of organic matter available in a source rocks is measured by the total organic 

carbon (TOC) content. The TOC, expressed in weight percent (wt%), is the first parameter to 

consider in source rock assessment. Clearly, petroleum accumulations are associated with 

organic rich sediments, and not with organic poor sediments. Early studies (e.g. Ronov, 1958; 

Welte, 1965) related oil producing provinces with sediments that contain at least 0.5 wt% 

TOC. Many subsequent studies (e.g. Hunt, 1996; Hunt, 1979; Magoon, 1988; Tissot, 1979; 

Tissot and Welte, 1984) also reported that a minimum threshold of about 0.5 wt% TOC for 

siliciclastic rocks (shale and mudstone) and 0.3 wt% for carbonate rocks are needed. These 

lower TOC limits have not been definitely proven, but evidences for oil occurrence from 

source rocks of lower TOC are not compelling. 

References are often made to Peters and Cassa (1994) who rated TOC contents of 0–0.5 wt% 

as poor, 0.5–1 wt% as fair, 1–2 wt% as good, 2–4 wt% as very good and of more than 4 wt% 

as excellent for immature rocks. A common misconception is, however, that high TOC 

content is often implied to a high amount of liquid hydrocarbon generation. In other words, 

the TOC in itself says nothing about the kerogen's hydrogen content, which determines the 

quality of the kerogen (Papers 1 & 2). Therefore, a more comprehensive source rock 

characterization should employ additional parameters, most derived from Rock-Eval pyrolysis 

(Dahl et al., 2004; Dembicki, 2009; Espitalié et al., 1977; Peters, 1986; Tissot and Welte, 

1984). Rock-Eval pyrolysis is a quick analysis that provides useful information about the 

source rock's maturation, petroleum generative potential and about the type of hydrocarbon 

generated (Espitalié et al., 1977; Peters, 1986). The data produced from the Rock-Eval 

pyrolysis are recorded in a pyrogram as S1 (free hydrocarbon already present in the rock 

sample before analysis), S2 (hydrocarbon compounds generated from kerogen cracking during 

the pyrolysis), S3 (organic carbon dioxide released during the thermal breakdown of kerogen) 

and as Tmax (temperature recorded at the maximum yield of S2). A schematic representation of 

a pyrogram is shown in Figure 7. 
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Fig. 7. Representation of pyrogram showing the evolution of hydrocarbon compounds and of CO2 
from a crushed rock sample during pyrolysis (increasing time and temperature from left to right). 
Important measurements are S1, S2, S3, and Tmax. Tmax corresponds to the temperature record at 
maximum S2. Hydrogen, oxygen and production indices, to be used for source rock characterization, 
are calculated from these data (from Peters, 1986). 
 
 

An important aspect is that the organic matter in rocks can be visualized as consisting of both 

inert carbon and reactive carbon (Jarvie, 1991, 2012, 2014; Justwan and Dahl, 2005; Peters et 

al., 2005; Petersen et al., 2010), and it is the latter kerogen fraction which contains hydrogen 

and can yield hydrocarbon compounds. The total amount of petroleum formed during thermal 

decomposition of the kerogen is thus estimated by the Rock-Eval S1 and S2 parameters, which 

are measured in milligrams of hydrocarbon per gram of rock (mg HC/g rock). Rock-Eval 

pyrolysis S2 has become the most widely utilized parameter to determine the remaining 

petroleum potential of a source rock. For this reason, quantitative rating based on Rock-Eval 

S2 is regarded more accurate, compared to that based only on TOC. Peters and Cassa (1994), 

based on the S2 parameter, rated source rocks as poor (0–2.5 mg HC/ g rock), fair (2.5–5 mg 

HC/g rock), good (5–10 mg HC/g rock), very good (10–20 mg HC/g rock) and excellent (>20 

mg HC/g rock). Care should be taken when dealing with lean samples, S2 <3 mg HC/g rock, 

to avoid erroneous results caused by mineral matrix effect during pyrolysis (Dahl et al., 2004).  

 

S3 (mg CO2/g rock)
S1 (mg HC/g rock)

S2 (mg HC/g rock)

Oven Temperature
Hydrogen Index
HI = (S2/TOC) x100
Oxygen Index
OI = (S3/TOC) x100

Tmax

Time

Production Index
PI = S1/(S1 + S2)
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Quality of organic matter 

The petroleum-generating potential and the type of hydrocarbon generated are also dependent 

on the organic matter quality, which indicates the type of OM the kerogen consists of. 

Kerogen has a broad range of composition, due to the variable nature of the original OM input 

and of the depositional environment (Table 1) and also due to thermal effect on the OM.  

Kerogen typing is defined and interpreted primarily by element-based compositions (H/C 

versus O/C ratios), plotted on the so-called van Krevelen diagram (Tissot et al., 1974) as 

shown in Figure 8. However, the invention of Rock-Eval made kerogen typing possible in a 

fast and inexpensive way using the bulk rock samples (Bordenave et al., 1993; Espitalié et al., 

1977; Peters, 1986). Therefore, the hydrogen index (S2 x 100/TOC in mg HC/g TOC) and the 

oxygen index (S3 x 100/TOC in mg CO2/g TOC) from Rock-Eval pyrolysis are frequently 

used in place of O/C and H/C ratios as also applied in this study (Papers 1 & 2). Kerogen can 

also be classified based on specific macerals, i.e., microscopically identifiable components of 

organic matter found in coals and kerogen, analogous to the term mineral in a rock.  

Four types of kerogen (Type I, II, III and IV; see Table 1; Fig. 8) are recognized in the 

literature (Peters, 1986; Tissot, 1979; Tissot and Welte, 1984). For immature and early mature 

source rocks, it is assumed that this classification reflects primarily the property of the 

original biological input material which has been incorporated into the sediment to form the 

kerogen (Fig. 8; Table 1). Thus, the types of kerogens in thermally immature samples reflect 

the nature of the organic facies and not the effect of maturation (Paper 1). In such a case, 

Type I and Type IV kerogens represent the extreme end-members, corresponding to the most 

hydrogen-rich and the least-hydrogen-rich type, respectively (Jacobson, 1991). Type II and 

Type III kerogens are intermediate between these end-members and in many sedimentary 

settings are the kerogens intermediate like Type II/III as inferred from offshore Mid-Norway 

(Karlsen et al., 1993). 

Type I kerogen: The organic matter of Type I kerogen is derived predominantly from 

remnants of algae that are abundant in lacustrine environments, such as lakes or restricted 

lagoons (Huc, 2013). However, some Type I kerogens may also be derived from bacterially 

reworked material (Killops and Killops, 2005).  

Type I kerogen has the highest hydrogen content (H/C >1.6) but the lowest oxygen content 

(O/C <0.1) of all kerogen types (Huc, 2013). This also indicates that Type I is the most oil 
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prone (Tissot and Welte, 1984) and has the highest genetic potential, i.e. total pyrolysate yield 

per gram TOC (Horsfield, 1997). It is reported that up to 70–80% of the mass of kerogen in 

Type I can be converted into oil and gas (Huc, 2013), meaning that the hydrogen index (HI) 

would be 700 to 800 mg HC/g TOC. The Eocene Green River Formation of Utah (USA) is an 

example of a source rock in which the organic matter typically contains Type I kerogen.  

 

Table 1. The four basic kerogen types (Type I, II, III and IV), their characteristics, occurrences and 
the main hydrocarbon products during maturation. 
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Fig. 8. Van Krevelen diagram showing the four types of kerogen (Type I, II, III and IV) and the 
associated products given off from kerogen maturation (from McCarthy et al. (2011) and references 
therein). 

 

Type II kerogen: The organic matter of Type II Kerogen can be formed in any type of 

environment, however the common settings are reducing marine environments in moderately 

deep basins (McCarthy et al., 2011), which are suitable sites for accommodating 

autochthonous organic matter predominantly from phytoplankton, but with an allochthonous 

contribution of higher plant material (Killops and Killops, 2005). Type II kerogen can, 

therefore, be a mixture of Type I and Type III kerogens. It is the most abundant type of 

petroliferous kerogen. 

Type II kerogen is defined by H/C ratios between 1.2 and 1.6 and by O/C ratios between 0.1 

and 0.2 (Huc, 2013) and the hydrogen content is between that of Type I and Type III kerogens. 

Type II kerogen can release up to about 40–60% of its initial mass of OM into oil and gas 

under thermal degradation, according to Huc (2013). The Kimmeridge Clay Formation of the 

North Sea is a typical example of source rock with Type II as the main kerogen. Some Type II 

kerogens contain relatively high sulfur compounds in certain depositional environments (e.g. 

McCarthy et al., 2011), prompting the name Type II-S. Such kerogen is thought to initiate 

early oil generation compared to the other kerogen types (e.g. Dembicki, 2016).  
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Type III kerogen: Type III kerogen is found where depositional environments are dominated 

by land plant debris, which is composed of organic matters, such as lignin and cellulose 

(Tissot and Welte, 1984). Such environments occur in marine (paralic) or deltaic settings. 

Because of extensive oxidation on land, much of the organic matter in Type III kerogen is 

likely degraded when it arrives into the sediment (Waples, 1985). The organic matter in Type 

III kerogen is often referred to as humic and has lower H/C ratio and higher O/C ratio than 

Types I or II. Consequently, it also has a lower hydrocarbon-generating potential. According 

to Huc (2013), only about 10–30% of the kerogen of Type III can be converted into petroleum. 

The hydrocarbon generated from Type III is primarily gas, condensate and some waxy oil. 

Source rocks with mostly of Type III kerogen are found, e.g., in the Niger Delta, Nigeria and 

the Mahakam Delta, Indonesia (Tissot and Welte, 1984). Most coals also contain Type III 

kerogen and thus generate gas. Still some coals contain Type I or II kerogen, even though 

expulsion of liquid hydrocarbon compounds is unlikely (Cornford, 1998). 

Type IV kerogen: Type IV kerogen is regarded as reworked organic matter, composed 

primarily of dead carbon (Tissot and Welte, 1984). Killops and Killops (2005) suggested that 

Type IV kerogen could be derived from residual organic matter associated with higher plants. 

But as stated above, such organic matter is severely oxidized and is hydrogen poor and has no 

hydrocarbon generating potential (Peters, 1986), although a small amount of methane can still 

be generated (Hunt, 1996).  

 

Level of source rock maturation 

The level of thermal maturity is determined by various geochemical parameters, including 

vitrinite reflectance (%Ro), pyrolysis parameters (e.g. Tmax, hydrogen index (HI), production 

index (PI)), light hydrocarbon, aromatic and biomarker parameters (Hunt, 1996; Peters et al., 

2012; Tissot and Welte, 1984). Vitrinite reflectance, measured on rock or kerogen, is the most 

commonly used (Hunt, 1996) and perhaps the most reliable maturity indicator for organic 

matter in source rocks.  

Based on the vitrinite reflectance and the other maturity indicators, three levels of source rock 

maturation (immature, mature and postmature) can be identified. Thermally immature source 

rocks are sediments where the associated organic matter have been altered by diagenesis, but 

which have not yet been sufficiently buried for the kerogen to generate and expel petroleum 
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(Fig. 4). The vitrinite reflectance recorded from the measurement of the immature organic 

matter is less than 0.5%Ro, which corresponds to a temperature of less than about 50 °C 

(Hunt, 1996; Tissot and Welte, 1984). As such, these rocks are potential source rocks which 

have not yet generated hydrocarbons (Cornford, 1998). Thermally mature source rocks are 

those exposed to sufficiently high temperature, 60–160 °C, corresponding to vitrinite 

reflectance values of between 0.5 and 1.35%Ro, referred to as the oil window (Hunt, 1996). 

At the oil window stage of maturation, the organic matter in the sediment has already 

generated or is currently generating petroleum. A source rock is considered postmature when 

generation of liquid petroleum is ceased and gas is the main hydrocarbon being produced. 

As already stated, the H/C and O/C ratios of any type of kerogen progressively diminish as 

maturation progresses. Therefore, in highly mature sediments interpretation of the kerogen 

types should be done with caution, otherwise such kerogen may not reflect the properties of 

the initial organic matter present at the time of deposition. 

 

 

1.5.2 Reservoir rocks 
 
A reservoir rock is any rock that has enough porosity to store fluids and the porosity must be 

interconnected to allow passage of the fluids, i.e. permeability. Two types of porosities, which 

determine the type of reservoir, are recognized, primary and secondary. Primary porosity is 

that type of porosity commonly found in sandstone and it is associated with the fabric and 

packing properties of the grains. Secondary porosities are open voids that can be formed as a 

result of postdepositional processes, such as tectonic activity, uplift, weathering, or mineral 

dissolution. The most common reservoirs are clastic rocks (sandstone and siltstone) and 

carbonate rocks. Igneous and metamorphic rocks can also be reservoir rocks if they have 

fractures. For example, occurrences of oil stains and impregnations in volcanic rocks are 

known from Greenland (Bojesen-Koefoed et al., 1999; Christiansen et al., 1998; Pedersen, 

1986; Pedersen et al., 2007) and Embla Field, North Sea (Paper 4). 
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1.5.3 Migration and accumulation of petroleum 
 
The movement of petroleum from a source rock towards a reservoir rock is called migration 

and is divided into primary migration and secondary migration as shown in Figure 9 (e.g. 

Tissot and Welte, 1984). Primary migration is concerned with the movement of petroleum 

within and through narrow pores of the source rock (Tissot and Welte, 1984), while secondary 

migration is the subsequent movement beyond the point where the petroleum leaves the 

source rock, towards the carrier rocks and reservoir rocks (England et al., 1987; Tissot and 

Welte, 1984).  

 

Fig. 9. Schematic presentation of expulsion from the source rock (primary migration) and of 
secondary migration of petroleum. The primary migration of petroleum is controlled by the difference 
in pore pressure and is independent of buoyancy and can move upward and downward (left 
illustration). Modified from Tissot and Welte (1984) and Huc (2013). 
 
 

Primary migration: The purpose of the primary migration is getting the petroleum out of the 

source rocks, i.e. expulsion. Expulsion of petroleum out of the fine grained source rock is 

affected by many factors, including burial depth, capillary pressure and absorption and 

adsorption properties of the kerogen. 

Primary migration of petroleum is a poorly understood phenomenon. A number of possible 

mechanisms for primary migration have been proposed. These include migration as individual 
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oil droplets or gas bubbles, as petroleum solution in pore water, migration by diffusion and 

migration as separate petroleum phases (Bray and Foster, 1980; Cordell, 1973; Hunt, 1996; 

Leythaeuser et al., 1984; Leythaeuser et al., 1982; McAuliffe, 1980; Price, 1976; Stainforth 

and Reinders, 1990; Tissot et al., 1987; Tissot and Welte, 1978; Tissot and Welte, 1984). The 

feasibility of each of these mechanisms is described below.  

Migration as individual oil droplets or gas bubbles: Increasing burial depth and compaction, 

cause expulsion of most pore water from source rocks before the depth of petroleum 

generation window is reached (e.g. Killops and Killops, 2005). Still, there are some remaining 

pore waters which are largely bound (adsorbed) to mineral surfaces. As the burial depth 

approaches the main petroleum generation window, porosity and permeability of the source 

rocks become very low (Killops and Killops, 2005). For example, at depths of more than 3000 

m, Tissot and Welte (1984) suggested that pore diameters approach the size of petroleum 

molecules. These conditions (i.e. absence of water pressure and extremely low porosity and 

permeability) make individual oil droplets and gas bubbles ineffective mechanisms for 

primary migration (Tissot and Welte, 1984).  

Migration of petroleum solution in pore water: The solubility of petroleum compounds in 

pore water increases with increasing temperature. Therefore, it can be proposed that the 

petroleum in solution will be carried with the water as it leaves the source rock due to 

compaction. However, as stated above compaction is reduced in many shales by the depth of 

petroleum generation window (Hunt et al., 1994) and that most pore water has already been 

expelled (Killops and Killops, 2005). Thus, it does not appear that a large amount of water 

exists to transport a substantial amount of petroleum.  

A number of other reasons have also been suggested that primary migration or expulsion of 

petroleum is not water-associated (McAuliffe, 1980; Stainforth and Reinders, 1990; Tissot 

and Welte, 1984). McAuliffe (1980) argue that if solution was a dominant mechanism for 

primary migration, then pooled petroleum would be highly dominated by the more water-

soluble hydrocarbon compounds of lower molecular weights such as benzene and toluene. By 

contrast, reservoired petroleum is enriched by the least water-soluble saturated hydrocarbon 

compounds, such as C15+. McAuliffe (1980), furthermore, argued that higher temperatures 

than the 60 to 150 °C range in which most petroleum is generated, are needed in order to get 

hydrocarbon compounds into solution in a substantial amount. Therefore, the solubility of 

liquid petroleum compounds (i.e. >C6+ n-alkanes) in the water below 150 °C is generally low 
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(Hunt, 1996; McAuliffe, 1980) to assume that the bulk of the petroleum is expelled by 

solution. On the other hand, methane which is continuously produced throughout the 

generation window has relatively a high solubility in water, about 2500 ppm (Hunt, 1996) in 

the oil and gas generation window. Still, it can be concluded that water-controlled migration 

is not a major mechanism for natural gas accumulation in traps (McAuliffe, 1980; Palciauskas, 

1991; Tissot and Welte, 1984).  

Migration by diffusion: Diffusion through water-saturated pore space has also been suggested 

as an important mechanism for primary migration (Leythaeuser et al., 1984; Leythaeuser et 

al., 1982). However, its effectiveness in the primary migration of petroleum products under 

subsurface conditions is still controversial, and some studies have suggested that diffusion is a 

very slow process (e.g. Smith et al., 1971). Moreover, diffusion tends to disperse petroleum 

rather than to concentrate because by definition the process involves a net movement of 

molecules from an area of high concentration to an area of low concentration. Still, it has been 

reported that molecular diffusion through water-saturated pore spaces of source rock shales 

could be an effective mechanism for primary migration of light hydrocarbons, which may 

even form commercial accumulation (Leythaeuser et al., 1984; Leythaeuser et al., 1982). 

Leythaeuser et al. (1982) reported that high GOR petroleum (e.g. condensates) found in 

young basins to be associated with diffusion. Therefore, diffusion is probably most effective 

in low mature sediments, where already existing light hydrocarbons escape out of the source 

rock before the main generation (Waples, 1985). 

Migration as separate petroleum phases: It is now generally accepted that most commercial 

petroleum migrates as a separate phase from water (Hunt, 1996; Palciauskas, 1991; Tissot and 

Welte, 1984). Primary migration, in this case, can occur via microfractures induced by 

overpressure due to petroleum generation (Bjørlykke, 2010; Tissot and Welte, 1984) or 

through kerogen networks (Stainforth and Reinders, 1990).  

Microfracturing occurs particularly along bedding planes including laminations. However, 

expulsion of petroleum via microfracturing is restricted both by very high capillary pressure 

and by low permeability (Bjørlykke, 2010). This restriction makes it difficult to form a 

continuous flow of petroleum pathway, attained when generation surpasses a minimum 

saturation threshold. Nevertheless, the processes of overpressuring, microfracturing and 

expulsion are thought to be repeated so that generated petroleum can form continuous flow 

(Tissot and Welte, 1984) and this whole process continues until the source rock is exhausted. 
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In this case, it was suggested that pressure-driven, discrete petroleum phase movement be the 

most important mechanism for primary migration during the main petroleum generation 

(Tissot and Welte, 1984). 

Thermally activated diffusion of hydrocarbons through kerogen network of the source rock is 

another plausible mechanism for primary migration of petroleum as a separate phase 

(Stainforth and Reinders, 1990). A concern is, however, that the dimensions of the organic 

matter (kerogen) are larger than the dimensions of the petroleum and seems such flow is 

impossible. However, with compaction, the OM may be rearranged and may form a three 

dimensional network for flow of generated petroleum (McAuliffe, 1980) or that such 

networks are already present in rich source rock laminae (Stainforth and Reinders, 1990). It 

appears that this type of flow of petroleum will not probably encounter interfacial restrictions 

(McAuliffe, 1980).  

For the petroleum to flow through the microfractures or kerogen networks, an important 

aspect is that the concentration of the generated petroleum is sufficiently high to form the 

needed degree of saturation. This is clearly dependent on several factors which affect the 

source rock quantity and quality and the degree of thermal alteration during petroleum 

generation. Source rocks with high organic carbon content of Type I and II kerogens have 

greater petroleum-generating potential to maintain the continuous oil-wet flow through the 

kerogen network or through the microfractures. Gaseous hydrocarbon compounds, generated 

from Type I and II in association with the oil, can also aid in this process by increasing pore 

pressure and reducing viscosity of the migrating petroleum (Dembicki, 2016). The thickness 

of the source rock is also related with expulsion efficiency (e.g. Karlsen et al., 2004). 

In lean source rocks with predominantly Type III kerogen, the petroleum generated is likely 

insufficient to achieve the minimum threshold saturation and may not form oil-wet pathway. 

Any generated liquid petroleum, in this case, would be retained inside the pores of the source 

rock until later maturation stage cracks this into gas (Dembicki, 2016). For this reason, lean 

source rocks appear to expel gas/condensate when they attain adequately high maturity. An 

example of this is also the delayed expulsion in coals which is related to the humic nature of 

the organic matter.  

Secondary migration: Following expulsion from the source rock, petroleum migrates 

upwards through permeable rocks or via fractures, i.e. secondary migration (Figs. 6 & 9). 

Most carrier and reservoir rocks that allow secondary migration to take place are sandstones 
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and carbonates. Sometimes, fractured igneous and metamorphic rocks can also serve as 

migration avenues or as reservoirs. The mechanism for secondary migration is buoyancy, 

caused by lower densities of oil and gas than the surrounding aqueous pore fluid (e.g. Tissot 

and Welte, 1984). Therefore, oil and gas generally accumulate in the structurally highest part 

of the trap, provided that further movement is stopped by cap rocks. Still, most oil and gas 

will never reach the trap to form commercial accumulations but remains in the secondary 

migration pathways and petroleum will potentially also migrate to the surface as seeps or 

eventually become exhumed as in the case of Alberta Tar sands (England, 1994; Karlsen and 

Skeie, 2006). If buried deeper conversion of reservoired petroleum to graphite is likely. 

 

1.5.4 Seal rocks and traps 
 
 A seal or cap rock is an impermeable rock that must overlie the reservoir rock to keep the 

petroleum inside the trap. Shales and evaporites are examples of excellent cap rocks. In 

addition to preventing leakage of petroleum from the reservoir, it is also important that cap 

rocks are large enough to be efficient at basin scale (Huc, 2013).  

A trap is a configuration in which the reservoir rock is sealed by a cap rock in a geological 

high position, where a migrating petroleum could be accumulated and preserved (Tissot and 

Welte, 1984). Depending on how it was formed, a trap can be either stratigraphic or structural. 

Stratigraphic traps are related to the sediment's syndepositional features or to erosion and 

increased secondary porosity, while structural traps form by tectonic activities including 

faulting and folding. Sometimes traps can be formed both due to depositional features and 

tectonic activity, resulting in a combination trap. Sand-lenses and pinch-outs are examples of 

stratigraphic traps, while anticline, fault growth and salt structures are examples of structural 

traps. 

If impermeable layers have not encountered, petroleum may continue to migrate upwards to 

the surface, where it manifests in the form of seep, stain or oil slick. Petroleum can also leave 

a trap due to cap rock fracture from tectonic, regional tilting or uplift. The loss of petroleum 

out of a trap is often referred to as dismigration or remigration (e.g. Cornford, 1998; Tissot 

and Welte, 1984). An example of remigration of oil related to uplift events is the case of the 

Barents Sea region, resulting in dry wells with palaeo-oil saturation (Henriksen et al., 2011; 

Nyland et al., 1992; Ohm et al., 2008). Issues of remigration are the subject of Paper 5. 
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1.5.5 Secondary alteration processes  
  
Once expelled, petroleum is still prone to modifications (Blanc and Connan, 1994; Palmer, 

1984, 1993) and records significant compositional changes. Compositional changes of 

petroleum during migration or in a reservoir develop from a number of processes including 

biodegradation, water washing, in-reservoir thermal alteration (oil-cracking), migration and 

evaporative fractionation. 

Biodegradation and water washing 

Bacterial degradation and removal of water-soluble components of petroleum are called 

biodegradation and water washing, respectively. Both processes are discussed in the present 

study (Papers 3, 4 & 5).  

Biodegradation is a process by which some components of the petroleum (oil and gas) are 

degraded or destroyed by bacteria, which gain accesses to the reservoir through meteoric 

water flushing (e.g. Palmer, 1993). The discussion on biodegradation presented in this thesis 

is confined to aerobic bacteria, which are generally accepted to be responsible for petroleum 

biodegradation on a commercial scale, while the role of anaerobic bacteria in petroleum 

biodegradation is still debated (e.g. Palmer, 1993). The degradation of petroleum compounds 

occurs in a sequential order (e.g. Connan, 1984; Head et al., 2003; Wenger and Isaksen, 2002). 

Accordingly, the level of biodegradation can vary from very slight to severe (Wenger and 

Isaksen, 2002), as shown in Table 2. Normal alkanes are preferentially attacked before other 

compounds because of their straight-chain configuration, which makes it easy for the bacteria 

to process. The effect of biodegradation on n-alkanes can be observed on gas chromatograms. 

In that case, there will be a broad hump termed unresolved complex mixture (UCM) under the 

n-alkanes (see Papers 3 & 4). Polycyclic compounds such as steranes and terpanes are 

resistant to biodegradation and can only be attacked at advanced stages, via removal of 

specific methyl groups, resulting in the enrichment of 25-norhopane (e.g. Dahl and Yukler, 

1991; Peters et al., 2005).  

 

Biodegradation adversely affects the chemical composition and physical properties of the 

petroleum, impacting the economic viability of petroleum production and refining processes. 

The effects of biodegradation are well understood and are presented in Figure 10. 

Biodegradation leads to a decrease in relative concentration of n-alkanes and of saturated 

hydrocarbons, a decrease in API gravity and in GOR of oil, while it increases the content of 
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sulfur, the viscosity, the relative amount of the polar compounds (asphaltenes plus resins), the 

concentration of metals and the total acid number (Fig. 10). These changes have a negative 

impact on oil production and oil quality. For example, in the Embla Field, North Sea, high 

polar components (asphaltenes plus resins) which generally increase with depth while the free 

hydrocarbons (saturates and aromatics) decrease are suggested to effectively fill pores spaces 

and close pore throats to act as a flow barrier, which hampers production efficiency (Paper 4) 

and similar effects were recorded from the Johan Sverdrup Field (Wesenlund, 2016). 

Significant compositional changes, related to biodegradation, are thought to occur near oil 

water contacts, where the bacteria gain easy access to nutrients and free oxygen (Dahl and 

Speers, 1986; Head et al., 2003). Biodegradation near the oil water contact leads to 

accumulation of a partly degraded residue as the reservoir is filling.  

 

 
Table 2. A generalized sequence of biodegradation intensity scales (Modified from Peters and 
Moldowan, 1993; Wenger and Isaksen, 2002). 
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Among the C2+ gaseous hydrocarbon compounds (C2–C5), propane is the most susceptible to 

biodegradation (Head et al., 2003; James and Burns, 1984), as also shown in Table 2. This is 

followed by n-butane which in turn is more degradable than iso-butene, and therefore the iso-

butane to n-butane ratio (i-C4/n-C4) is expected to increase with increasing biodegradation. 

Nevertheless, no evidence is reported for direct aerobic degradation of methane, the lightest 

hydrocarbon (Head et al., 2003). These situations (i.e. the degradation of the C2+ wet gases 

and the non-degradation of methane) can elevate the relative content of methane (C1), which 

may be found as a gas cap in the reservoir (Head et al., 2003).  

 

 

 
 

 
Fig. 10. Crude oil attributes responding to the effect of biodegradation. Some attributes increase (red 
line), while others decrease (blue line) with increasing biodegradation. Modified after Dembicki (2016) 
and Head et al. (2003).  
 

 

Effects of biodegradation are likely to have occurred on the majority of oil discoveries and 

accounts for more than 50% of world's oil (Head et al., 2003). The largest biodegraded heavy 

oil accumulations are the tar sands found in shallow foreland basins of Alberta and Eastern 

Venezuela (Demaison, 1977; Head et al., 2003).  
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The criteria for the occurrence of petroleum biodegradation are generally related to the 

conditions that allow the activity of the bacteria, including access to oxygenated free water, 

optimal temperature, and supply of nutrients. Biodegradation of petroleum mostly occurs in 

shallow cool reservoirs (ca. <2 km), where the temperature is not more than about 70–80 °C 

(cf. Ahsan et al., 1997; Karlsen et al., 1995; 2004; Tissot et al., 1974). Such shallow 

reservoirs are commonly found in uplifted regions or flanks of basins, where petroleum 

migrates from deep source rocks towards traps. Such basins are also often encountered with 

influx of meteoric waters, which provide the bacteria with the essential nutrients and 

dissolved oxygen. The Embla Field reservoir in the North Sea, at a present-day depth of more 

than 4 km and a reservoir temperature of 165 °C, contains biodegraded oil (Paper 4). This 

suggests that the oil-bearing reservoir units must have been uplifted to a shallower depth (i.e. 

temp. <70–80 °C). The situation at Embla could have been analogous to the Alberta Tar sand 

of today. 

 

Furthermore, we noticed minor to moderate levels of biodegradation in some of the migrated 

petroleum extracts from Svalbard (Paper 3) and of the oil samples from the Barents Sea 

(Paper 5) which have also been affected by uplift events, erosions and glaciation during the 

Cenozoic (Ohm et al., 2008). Wilhelms et al. (2001) reported that reservoirs might become 

sterilized during deep burial so that biodegradation would not occur during subsequent uplifts. 

However, we have suggested the above-mentioned biodegradation to be a post-uplift 

phenomenon (Papers 3 & 5). This indicates that oxygenated water and therefore microbes 

must have intruded into the basin to cause a renewed biodegradation as proposed by Karlsen 

et al. (2004) for petroleum found in some fields in the Norwegian Sea. Karlsen et al. (2004) 

suggested that biodegradation in such basins should be perceived in ''a more dynamic 

basinal/climatic sense and in relation to the water fluxes set up by the glaciations/ 

deglaciations, than, e.g. burial resulting in palaeo-pasteurization''. 

 

Considering the maximum temperature limit of 70–80 °C for biodegradation, it is unlikely for 

petroleum to remain unbiodegraded in shallow reservoirs where the temperature is lower than 

this. Still, occurrences of nonbiodegraded oils have been reported for example in some North 

Sea Tertiary shallow reservoirs (e.g. Ahsan et al., 1997). Such reservoirs were reported to 

have partly enclosed by shale, which likely limited the availability of meteoric water (Ahsan 

et al., 1997). Therefore, it could be possible that, in some basins, biodegradation may be 

controlled primarily by ''openness to meteoric water invasion'' instead of temperature (Ahsan 



35 
 

et al., 1997). It is even more interesting to note that reservoir rock extracts from onshore 

Svalbard analysed in this study show no major sign of biodegradation, except for oil seepage 

(Paper 3). This is striking because there is often an immediate perception of biodegradation 

or weathering signatures in outcrop samples. Thus, especially in the Svalbard samples, 

climatic aspects (Karlsen et al., 2004) or lateral connectivity or openness of the reservoir 

(Ahsan et al., 1997) seems to be important elements to consider to understand biodegradation. 

This is consistent with the generally nonbiodegraded outcrop samples from West Greenland 

described by Bojesen-Koefoed et al. (1999), who also reported more degradation in samples 

where hydrocarbons were flushed by water. 

 

Water washing is a process in which meteoric water selectively removes water-soluble light 

hydrocarbon molecules, especially the aromatics, such as benzene and toluene. Understanding 

the effect of water washing on the composition of pooled petroleums is also a subject of 

Papers 4 & 5. Water washing and biodegradation often occur together, in which case the 

effects from the later obscure that from the former (Waples, 1985). It has also been described 

that this association results in the formation of tar mats, which are precipitation of asphaltenes 

near the oil-water contact (Dahl and Speers, 1986). However, Dahl and Speers (1985, 1986) 

concluded that deasphalting and minor water washing, rather than biodegradation, formed the 

tar mats found in part of the Oseberg Field, North Sea. A number of other mechanisms have 

also been proposed for tar mat formation (Connan, 1984; Larter et al., 1990; Wilhelms and 

Larter, 1995).  

 

Thermal cracking (oil-cracking) 

Reservoired petroleum may continue to experience thermal evolution. This depends on the 

depth of the reservoir and geothermal history. Oil-cracking starts possibly at an average 

temperature of 160 °C (e.g. Horsfield et al., 1992a; Schenk et al., 1997), even though higher 

and lower values than this are also proposed (e.g. Blanc and Connan, 1994). One of the 

effects of temperature on reservoired petroleum is that the petroleum becomes progressively 

lighter due to the thermal cracking of the oil into light components, as shown in gas 

chromatograms of migrated petroleums (e.g. Fig. 5, Paper 3), where normal-alkane 

distribution is light end-skewed (<n-C19). Other effects of oil-cracking include depletion in 

steranes and triterpanes polycyclic biomarker compounds (predominantly in the C25+ range), 

increase in gas to oil ratio (GOR) and API gravity. When oil-cracking reaches an extreme 
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level, only condensate, wet gas or dry gas is produced, which is accompanied by the 

formation of a black residue called pyrobitumen. This is referred to as disproportionation 

reaction and is taken to distinguish light hydrocarbons formed by thermal cracking of oil as 

opposed to by expulsion from a  mature source rock (Blanc and Connan, 1994). 

 

Migrational or evaporative fractionation, remigration, uplift and phase separation  

The chemical changes occurred during migration are similar to those observed during thermal 

maturation. With increasing migration distance, the paraffinic content and the API gravity of 

the petroleum increases, while its content of polar compounds, porphyrins and of heavy 

metals decrease (Silverman, 1965). An important aspect is that the direction in which these 

compositional changes occur, which is useful to discriminate migration induced changes from 

that caused by maturation. Compositional changes caused by migration are expected to occur 

laterally or in updip direction as opposed to that caused by maturation, which increases with 

increasing depth (Silverman, 1965). 

 

The leakage or displacement of petroleum from a trap toward the surface or toward another 

trap is termed remigration or dismigration and depends on the cap rock physical properties. 

Dismigration with significant loss of petroleum can occur when the cap rock is less efficient, 

which may be associated with tectonic events or simply to its poroperm distribution and facies 

characteristics. Tectonic events such as uplift cause pressure release, which in turn separates a 

single phase petroleum system into a two phase system, including the formation of a gas cap 

above oil (Karlsen et al., 2004; Silverman, 1965; Thompson, 1987). Subsequently, the gas 

along with light hydrocarbon compounds may escape through leakage and/or remigrate (fill-

spill) to shallower traps in the updip direction, where lower PT conditions cause exsolution of 

lighter molecules. In the Barents Sea, uplift and erosion are responsible for the remigration 

and loss of petroleum accumulations from the traps (Doré and Jensen, 1996; Lerch, 2016; 

Lerch et al., 2016a, b; Nyland et al., 1992). This has resulted in oil being displaced into 

peripheral traps, which have partly leaking cap rocks that allow gas to escape while retaining 

oil (cf. Sales, 1997).  

 

Remigration significantly impacts the composition of petroleum. In general, in fill-spill 

scenario, the displaced oil phase which remigrated into shallower traps is enriched in 

paraffinic compounds, and contains a relatively high concentration of low-molecular weight 
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hydrocarbon compounds of higher API gravity compared to the relatively heavy oil left 

behind (Fig. 11), as the case of residual oil saturations found in several dry wells in the 

Barents Sea. The residual oil (or parent oil) left behind in the deeper traps will be more 

depleted in the lighter molecular compounds than it was before (Price et al., 1983; Thompson, 

1983). Issues of migration/fractionation/remigration are the subject of Paper 5.  
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Fig. 11. (a) A model of remigration/evaporative 
fractionation and updip entrapment of petroleum. 
Uplift/pressure reduction separates single phase 
petroleum into two phase system. Variations in 
subsurface petroleum composition and volume with 
depth are shown by bar charts. Arrows indicate 
migration of oil from one trap into another trap 
updip. Modified from Karlsen et al. (2004). (b) A 
plot of gas to oil ratio (GOR) against depth for 
selected fluid samples studied in Paper 5 from the 
Barents Sea indicating the petroleum phases of the 
samples. The horizontal dashed line indicates 
coexisting gas or condensate and oil in the same 
trap, suggesting fractionation (modified after 
England and Mackenzie, 1989). 
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2 Study areas 
 

The geological history of the study areas has been reviewed by numerous authors (e.g. Faleide 

et al., 1984; Gabrielsen et al., 1990; Johansen et al., 1993; Rønnevik and Jacobsen, 1984) and 

is not presented in detail here. A summary of the geological history of each study area can be 

found in the respective papers, which are included in this thesis. In this section, I will briefly 

introduce the petroleum geology of the study areas in the context of papers 1–5. 

 

 

 Barents Sea and Svalbard (Papers 1, 2, 3 & 5) 2.1
 

The Barents Sea is an area located in the Arctic region and is bounded by Novaya Zemlya in 

the east, the Norwegian-Greenland Sea in the west, Franz Josef Land and Svalbard 

archipelago in the north and by the coasts of Norway and Russia to the south (Fig. 12). The 

Caledonian orogeny which ended in the Late Silurian–Early Devonian had a major influence 

on the subsequent development of the structural framework, both for the Norwegian Barents 

Sea and for Svalbard (e.g. Johansen et al., 1993). The Barents Sea comprises several 

structural elements including highs, basins, platforms and salt diapirs (e.g. Fig. 1 of paper 1). 

The structures developed from the Late Palaeozoic to the Early Cenozoic (Faleide et al., 

1984; Faleide et al., 2008; Worsley, 2008), with reactivation by subsequent tectonism 

(Nøttvedt et al., 1993).  

 

Exploration for petroleum began in the Norwegian Barents Sea in the 1980s. The main 

exploration targets range from Jurassic to Permian. However, exploration in this part of the 

Arctic region has been unsuccessful until recently. Most wells drilled until 2010 are either dry 

with palaeo-oil saturation or contain non-commercial gas, except the 1984 Snøhvit and the 

2000 Goliat discoveries, which proved commercial quantities. The latter is the first oil 

discovery to be developed in the Norwegian Barents Sea. Remigration (leakage) of oils in the 

region which was related to three stages of uplift and reburial of the region was blamed for the 

loss of oil (Nyland et al., 1992; Ohm et al., 2008). Despite this, exploration has seen increased 
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optimism following recent discoveries such as the Johan Castberg in 2011, Wisting and Gohta 

in 2013, Alta in 2014 and the discovery in well 7219/12-1 (Filicudi), in early 2017. This has 

sparked a renewed interest in exploration activities in the region. These recent hydrocarbon 

discoveries indicate that being always pessimistic concerning uplift in the Barents Sea may 

prove us wrong (Karlsen et al., 2004; Lerch, 2016; Lerch et al., 2016a, b; Paper 5). 

The Svalbard archipelago, with its largest island, Spitsbergen, is situated in the NW corner of 

the Barents Sea shelf (Fig. 12; Fig. 1 of Paper 3). No commercial size discoveries have been 

reported in Svalbard although several technical gas discoveries in Permian and Mesozoic 

rocks and one minor oil discovery in Late Carboniferous rocks have been reported (Elvevold, 

2015). 

Potential source rocks in the Norwegian Barents Sea including Svalbard are reported at 

different stratigraphic levels ranging from the Upper Palaeozoic to Cretaceous (Johansen et 

al., 1993; Ohm et al., 2008; Van Koeverden et al., 2011; Van Koeverden et al., 2010). The 

oldest geochemically confirmed organic rich sediments in the southwestern Barents Sea and 

Svalbard are perhaps coal deposits of the Carboniferous age (Abdullah et al., 1988; Van 

Koeverden et al., 2011; Van Koeverden et al., 2010). Shale deposits of the Upper Permian 

Ørret Formation are generally gas prone and their petroleum potentials are reported to 

increase towards the eastern Norwegian Barents Sea (Johansen et al., 1993; Larssen et al., 

2002). Pedersen et al. (2006) even reported these shales to have oil-generating potential. The 

oil of the recent Gotha discovery is tentatively suggested to have sourced from the Ørret 

Formation (Pedersen et al., 2017).  

 

However, the most important and widely distributed source rocks for petroleum in the 

southwestern Barents Sea and Svalbard exist within the Mesozoic intervals (Sassendalen and 

Adventdalen Groups), which comprise organic-rich black shales that were deposited in 

restricted to open marine environments (see lithostratigraphic charts in Papers 1–3 and 5). In 

the southwestern Barents Sea, the Middle to Lower Triassic formations, such as Havert, 

Klappmyss, Steinkobbe/Kobbe and the Middle Jurassic to Lower Cretaceous Hekkingen 

Formation contain source rocks for oil and gas. The Botneheia, Vikinghøgda, and the 

Agardhfjellet formations are the onshore time equivalents in the Svalbard archipelago (Mørk 

and Bjorøy, 1984). The organic matter varies from mainly Type II kerogen in the Botneheia, 

Steinkobbe and Hekkingen formations to Type II/III kerogen in the Agardhfjellet and Kobbe 
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formations, and note that the source rock parameters show strong lateral variations (Papers 1 

& 2).  

 

It is clear that the marine-deposited black shales of the Upper Jurassic to Lower Cretaceous, 

Kimmeridge Clay/ Mandal/ Spekk/ Draupne Formations-equivalent Hekkingen Formation is 

mostly recognized as sources of the hydrocarbon accumulations in the Hammerfest Basin 

such as the Goliat and Snøhvit fields (Johansen et al., 1993). However, the Hekkingen 

Formation is eroded or uplifted and thus never reached oil window maturities over the large 

area of the Barents Sea (Berglund et al., 1986; Lundschien et al., 2014). This also applies 

even to the Middle Triassic Steinkobbe and Kobbe formations in some wells from the 

structurally high (flank) areas of the Nordkapp Basin and the Svalis Dome (Paper 1). In 

Svalbard, onshore maturity is mainly within the oil window based on estimates from Rock-

Eval and biomarkers (Abay et al., 2014). 

Other potential source rocks in the southwestern Barents Sea also occur in parts of the Lower 

Jurassic Tubåen and Nordmela formations, which consist of shale, claystone, siltstone, and 

coal deposits (see Fig. 2, Paper 5).  

 

Sandstone and carbonate rocks of the Upper Carboniferous to Paleogene successions are the 

most important reservoir rocks in the Norwegian Barents Sea and Svalbard (Nøttvedt et al., 

1993). These include the Middle Triassic Kobbe Formation and the Late Triassic–Middle 

Jurassic Realgrunnen Subgroup (Nøttvedt et al., 1993; Ohm et al., 2008), which hold 

commercial quantities of oil and gas in the Snøhvit and Goliat fields. These rocks are time-

equivalent of the Sassendalen Group and the Wilhelmøya Subgroup onshore Svalbard, which 

also contain traces of migrated petroleum as documented in Paper 3. Hydrocarbon 

discoveries also occur in the Upper Triassic Snadd Formation which is the onshore analogue 

to the De Geerdalen Formation in Svalbard (Mørk et al., 1999). Palaeozoic carbonate and 

siliceous deposits form the reservoir rocks at the recent Gohta and Alta oil and gas discoveries 

on the Loppa High. Similar carbonate units are commonly impregnated by bitumen in 

Svalbard and have even been tested for oil flows in central Spitsbergen (Elvevold, 2015). 
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Fig. 12. Overview of the Norwegian Continental Shelf (modified from NPD, 2017). The study areas of 

this project are the Barents Sea including Svalbard and the Embla Field, North Sea. Detailed map of 

each of the study area can be found in the respective papers. 
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 Embla Field, Central Graben (Paper 4) 2.2
 

The geological history of the Central Graben, North Sea is complex and still not fully 

understood (Gowers et al., 1993; Needham and Jacobs, 1995). The collapse of the Caledonian 

orogen resulted in the formation of extensional tectonics in the Early Devonian (Norton, 

1986). Coarse grained alluvial fan deposits of likely Late Devonian age are known in wells 

from the Embla Field and were reported to have formed in association with the extensional 

tectonics (Needham and Jacobs, 1995). The subsequent Mesozoic structural development of 

the area, according to Gowers et al. (1993), can be divided into three major stages: (1) Late 

Triassic to Middle Jurassic flexural uplift; (2) Late Jurassic to Early Cretaceous 

fragmentation; and (3) Late Cretaceous to Tertiary flexural subsidence. 

 

The Embla oil Field lies on the west flank of the Central Graben, south of the Eldfisk and 

Ekofisk fields (see Fig. 1 of paper 4). To the East, the field is in close contact with a major 

NW-SE trending fault, the Skrubbe Fault, and may have implication on the migration of 

petroleum (Paper 4). The Embla Field is the first development of a pre-Jurassic reservoir in 

the Norwegian sector of the Central Graben (Knight et al., 1993). Studies suggested that the 

reservoirs are Permian to Devonian in age and consist of braided fluvial channel and alluvial 

fan sandstones, divided into upper and lower sands by floodplain and lacustrine mudstones in 

well 2/7-26S (see Fig. 2 of Paper 4; Knight et al., 1993). Below the reservoir are strongly 

altered volcanic rocks (Knight et al., 1993; Needham and Jacobs, 1995). These volcanic rocks 

have been described as rhyolites and were the oldest rocks penetrated by well 2/7-26S, from 

which core samples for paper 4 were collected. Lundmark et al. (2012) reported that the 

rhyolitic rocks are of Famennian age (~375 Ma). The rhyolites are highly fractured, which 

probably acted as palaeo-conduits for fluid migration (Munz et al., 1998). Semi-solid 

bitumens are present in the reservoir sands and in the fractured rhyolites and are suggested to 

have effect on the reservoir quality (Paper 4).  

With a reservoir temperature of about 165 °C, the present pressure and temperature conditions 

in the Embla Field are very high, near the upper limit for oil window (Horsfield et al., 1992b; 

Needham and Jacobs, 1995). 
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As with the rest of the North Sea, the main source rocks for petroleum found in the Central 

Graben are the marine organic-rich shales of the Late Jurassic–Early Cretaceous 

(Kimmeridgian–Ryazanian stages) Kimmeridge Clay Formation. The oils of the Greater 

Ekofisk area have been proven to have sourced from the shales of the Mandal Formation, 

which is the local equivalent of the Kimmeridge Clay Formation (Needham and Jacobs, 1995; 

Van Den Bark and Thomas, 1981). However, the semi-solid bitumen in the Embla Field has a 

different signature to the Ekofisk type and the Embla producible oils (Pedersen et al., 2007; 

Ohm et al., 2012; Paper 4). Thus, a different source rock probably of older than Jurassic may 

have charged the Embla Field trap prior to the charge from the Mandal Formation, which 

became thermally mature around the end of the Cretaceous.  

The Embla Field comprises of a trap formed by a combination of structural and stratigraphic 

elements. On the crest of the structure, the reservoir sandstones are truncated by erosion and 

hydrocarbons are stratigraphically trapped by the overlying mudstones of the Upper Jurassic 

Mandal Formation and/or lower Cretaceous Cromer Knoll Group (e.g. Knight et al., 1993).  
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3 Samples and analytical methods 
 

 Samples 3.1
 
The samples analysed in this study comprise source rocks, source rock extracts, reservoir rock 

extracts, oils, condensates and inclusion gases. In papers 1 and 2, we investigated source 

rocks and source rock extracts, while in papers 3, 4, and 5 we examined reservoir rock 

extracts, oils, condensates and inclusion gases. 

 

Source rocks (Papers 1 and 2) 
 
For paper 1, a total of 144 samples covering the Triassic to the Early Cretaceous age were 

collected: 114 core samples from the offshore Norwegian Barents Sea and 30 outcrop samples 

from onshore Svalbard. The Barents Sea core samples were collected from six locations 

(Svalis Dome, Nordkapp Basin, Bjarmeland Platform, Hammerfest Basin, Nyslepp Fault 

Complex and Bjørnøya East). Of the 114 Barents Sea core samples, 80 were collected from 

shallow wells, drilled on stratigraphically high positions (Bugge et al., 2002; Mørk and 

Elvebakk, 1999), mainly from the Svalis Dome and the Nordkapp Basin. In paper 1, such 

samples are referred to as ''shallow core samples'' and have sample depth between 27 m and 

120 m below the seabed (see Table 2 of Paper 1). While the shallow drilling was carried out 

in the 1980s and early 1990s by the then Continental Shelf Institute (IKU), now part of Sintef 

Petroleum Research AS, the sampling for this study was carried out in 2013, during which the 

Norwegian Petroleum Directorate (NPD) took over the ownership of the cores from Sintef 

(NPD, 2013). The remaining 34 Barents Sea core samples used in paper 1 came from deep 

exploration wells from the Hammerfest Basin/Nyslepp Fault Complex, Bjarmeland Platform 

and Bjørnøya East area.  

In terms of lithology, most samples studied in paper 1 represent shale or mudstone or 

claystone. However, 10 samples represent coal or coaly-shale.  
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For paper 2, a total of 108 shale samples were taken from two wells, DH2 (77 samples) and 

DH5R (31 samples), and were collected in 2013. Both wells are located in central Spitsbergen 

and were drilled as part of the Svalbard CO2 project which aimed at investigating the 

feasibility of CO2 storage in Triassic sandstone (Sand et al., 2014). For paper 2, data from the 

two wells were combined to form a composite section of the Agardhfjellet Formation (Middle 

Jurassic–Lower Cretaceous) in central Spitsbergen, Svalbard.  

All samples studied in papers 1 and 2 underwent TOC and Rock-Eval analyses. Moreover, 

carbon isotope analysis was carried out for samples used in paper 1. 

 

Migrated petroleums (Papers 3, 4 & 5) 
 
As noted earlier, ''migrated petroleum'' in this thesis refers to all forms of petroleum that have 

been expelled and migrated from the source rock (Cornford, 1998), and therefore represent all 

samples analysed in papers 3, 4 & 5. 

For paper 3, we analysed sandstones and carbonate outcrop samples (n = 8) and one sandstone 

core sample from the central and eastern Spitsbergen, Svalbard. Additional geochemical data 

from seepage oil from eastern Spitsbergen were also included. 

For paper 4, twenty extracts from core samples comprising mostly sandstones and fractured 

rhyolites and one drill stem test (DST) oil from well 2/7-26S from the Embla Field, Central 

Graben, Norwegian North Sea together with a reference oil (NSO-1) from the Oseberg Field 

were analysed. Additional analysis on light hydrocarbon parameters were carried out for oil 

samples from other wells in the Embla Field and the nearby UK sector J-block wells.  

Paper 5 was based on a geochemical database of 45 oil and condensate samples, provided by 

NORECO ASA. Light hydrocarbon parameters were used to discern the effects of secondary 

alteration processes on these petroleum samples. 
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 Methods 3.2
 
To achieve the objectives of this study, standard petroleum geochemical methods were 

utilized. All analyses were carried out according to the Norwegian Industry Guide to Organic 

Geochemical Analyses—NIGOGA (Weiss et al., 2000). Figure 13 shows the flow chart of the 

analytical techniques applied in this study. 

 

 

Fig. 13: Flow chart of the analytical methods applied in this study 

 

In this section, only the general application of the methods is described. For details on the 

equipment type and used programs, the reader is referred to the ''analytical methods'' sections 

of the respective papers.  

The rock samples used in this study (papers 1, 2, 3 & 4) were cleaned with water and dried to 

remove possible surface contaminations and weathering prior to being crushed into powder in 

a steel mill. The crushing mill was pre-washed with water and wiped with ethanol-
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impregnated tissues between samples. The cleaning, drying and crushing of samples for 

papers 1, 3 and 4 were carried out at the Department of Geosciences, University of Oslo and 

for paper 2 by Applied Petroleum Technology (APT), Kjeller, Norway.  

 

Total organic carbon (TOC) content and Rock-Eval pyrolysis 
 
Total organic carbon (TOC, wt%) content of the powdered samples was measured by 

combustion in a LECO carbon analyser. About 100 mg of the powdered sample was placed 

into a crucible and was treated with hydrochloric acid solution (HCl) to remove inorganic 

carbon, prior to the TOC measurement. The dissolution of carbonates was assumed complete 

when no effervescence with additional acid was observed  (Jarvie, 1991). To cross-check the 

accuracy of the LECO, reference rock samples of known organic carbon contents were 

included. The LECO analyses for papers 1 and 3 were conducted at the Institute of 

Geosciences, University of Kiel, Germany. The LECO analyses for paper 2 were conducted 

by APT, Kjeller, Norway. 

Rock-Eval pyrolysis is a well-known geochemical method, and the description of the 

instrument and its principles are described in detail elsewhere (Bordenave et al., 1993; 

Espitalié and Bordenave, 1993; Espitalié et al., 1985; Espitalié et al., 1977). In short, about 

100 mg of powdered rock sample was heated under varying temperature programs (Fig. 7). 

Free petroleum (S1, already generated petroleum) is released when the sample was heated to a 

temperature of about 300 °C. Increasing the temperature from 300 to 550 °C at a gradient of 

25 °C/min allowed the generation of the remaining petroleum (S2) from cracking of kerogen. 

The temperature (Tmax, °C) corresponding to the maximum petroleum generation was also 

recorded.  

The Rock-Eval pyrolysis technique gives information on the petroleum-generating potential, 

presence or absence of non-indigenous petroleum, organic matter type and the thermal 

maturity. In papers 1 and 2, the Rock-Eval data were primarily used for source rock 

characterization of the shale/mudstone and coal samples analysed. In paper 3, the data were 

utilized in recognizing the presence of migrated petroleums in sandstone and carbonate 

samples, which were oil stained. Elevated S1 values and the subsequent high production 

indices (PI) proved that the samples analysed in paper 3 contained migrated as opposed to in-

situ bitumen (Fig. 3 of paper 3). This was later confirmed by GC-FID and GC-MS analyses of 
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n-alkanes and biomarkers and by the presence of C1–C4 hydrocarbon fluid inclusions trapped 

in quartz and calcite cements in these samples. Rock-Eval analyses for papers 1 and 3 were 

performed at the Institute of Geosciences, University of Kiel. Rock-Eval analyses for paper 2 

were conducted by APT, Kjeller, Norway. 

 

Extraction of organic matter 
 
Extraction of organic matter from the crushed rock samples was carried out on Soxtec 

extraction apparatus. About 7–8 grams of sample was filled into a pre-extracted cellulose 

extraction thimble and covered with glass wool and inserted in the extraction unit. A 50 ml 

extraction solvent, mixture of 93% dichloromethane and 7% methanol (93:7 v/v), was utilized 

per sample. Activated metallic copper beads were added to the solvent for removal of 

elemental sulfur. The samples were boiled in the solvent for one hour and rinsed for two hours 

(Weiss et al., 2000). The excess extraction solvent was removed by a gentle flow of nitrogen, 

supplied from a cylinder. Extractions were performed only for samples used in papers 3 and 4 

and were conducted at the Department of Geosciences, University of Oslo. 

 

Thin Layer Chromatography–Flame Ionization Detection (TLC–FID) 
 
An Iatroscan MK-5 thin layer chromatography–flame ionization detector (Karlsen and Larter, 

1991) was used to separate the gross composition of the extracts into saturated hydrocarbons, 

aromatic hydrocarbons and polar compounds (resins and asphaltenes) and to quantify the 

separated fractions. The fractions were separated using pre-activated silica gel-coated rods 

(type Chromarod III) in which 3 l of bulk extracts were applied at one end of the rods, which 

were developed in solvents of varying polarity. First, the Chromarods were developed in n-

hexane (for 36 minutes), which caused the saturated hydrocarbon fractions to move to the 

uppermost part of the rods (ca. 95% of rod length). Then, the rods were developed in toluene 

for 8 minutes, causing the aromatic hydrocarbon fractions to move to the middle of the rods 

(ca. 50% of rod length). The nonhydrocarbon fractions (polar compounds) remained on the 

initial sample-spot area because they are immobile in these solvents. No further separation of 

the aromatic fraction into mono- and polyaromatic hydrocarbons or separation of the polar 

fractions into resins and asphaltenes was performed. An electronic integrator calculates the 

total quantity of the different compounds in the extracts by the peak area percentages of the 
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respective compound classes. To ensure reproducibility, a blank and a reference sample were 

included in the run. Iatroscan TLC-FID analysis was performed only for papers 3 and 4 and 

was conducted at the Department of Geosciences, University of Oslo. 

 

Gas Chromatography–Flame Ionization Detection (GC–FID) 
 
Gas Chromatography–Flame Ionization Detection (GC-FID) analyses of the whole extracts 

and oils were performed in order to obtain n-alkane and acyclic isoprenoid data, which are 

used in facies and maturity assessment. The analyses were carried out on all samples 

described in papers 3, 4 and 5. These samples include reservoir rock extracts, oils and 

condensates. Geochemical parameters in the C15+ fraction (papers 3 and 4) and in the C4-C8 

fraction (papers 4 and 5) were calculated from the resulted chromatograms. The C4-C8 light 

hydrocarbon (LHC) fractions offer an independent insight into issues of petroleum systems of 

high maturity oils and/or condensates, where the concentration of the C15+ fraction is virtually 

absent (e.g. Ten Haven, 1996). From the sandstone and carbonate samples studied in paper 3, 

inclusions gases (C1-C4) in quartz and calcite cements were liberated using a crusher, from 

which gas samples were taken using a gas-tight syringe (Karlsen et al., 1993). Approximately 

1.5 ml of the gas was injected into a gas chromatography, and molecular hydrocarbon 

compositional parameters, such as C1 to C4 percentages and iso-butane to n-butane ratios were 

calculated. GC-FID analyses for papers 3 and 4 were performed at the Department of 

Geosciences, University of Oslo. GC-FID analyses for paper 5 were conducted at Applied 

Petroleum Technology, Kjeller, Norway. No GC-FID analysis was performed on source rock 

samples (papers 1 and 2). 

  

 

Gas chromatography–Mass Spectrometry (GC-MS) 
 
Gas Chromatography–Mass Spectrometry (GC–MS) analysis was performed on all samples 

described in papers 3 and 4. Prior to the analysis on GC-MS, n-alkanes were removed by 

molecular sieving to enhance the concentrations and hence the resolutions of the resulting 

biomarker traces, which are found in extremely lower abundant compared to the n-alkanes. 

Molecular sieving also removed the asphaltene fractions of the bulk extracts. Peak 

identifications of GC-MS chromatograms were performed following interpretation of 
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reference sample, NSO-1.  Ions with mass/charge (m/z) ratios of 178 (phenanthrene), 191 

(terpanes), 192 (methylphenanthrenes), 198 (methyldibenzothiophenes), 217 and 218 (C27-C29 

steranes and diasteranes) and 231 (triaromatic steroids) were monitored.  For six samples 

from paper 3, gas chromatography with two coupled mass spectrometers (GC-MS/MS) 

analysis was carried out and specific parent-daughter ions, such as m/z 358 to m/z 217 (C26 

steranes) and m/z 414 to m/z 217 (C30 steranes) were monitored. List of compounds obtained 

from the GC-MS analysis is found in Table 3 (paper 3). North Sea reference oil (NSO-1) was 

run at the start and end of analysis to control the reproducibility of the GC-MS data. All GC-

MS and GC-MS/MS analyses were conducted at the Department of Geosciences, University 

of Oslo.  

 

Stable carbon isotope 
 
Stable carbon isotope ( 13C) determinations were undertaken for samples described in papers 

2 and 3. All 13C data are reported relative to the PDB standard. Stable carbon isotope 

analysis for paper 2 was performed by the Institutt for Energiteknikk (IFE), Kjeller, Norway, 

while analysis for paper 3 was carried out by APT. 
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4 Summary of the papers 

In the following, the five scientific papers resulted from this PhD study are summarized.  

 Paper 1 4.1

Thermal maturity, hydrocarbon potential and kerogen type of some Triassic to Lower 
Cretaceous sediments from the southwestern Barents Sea and Svalbard. 

Abay, T. B., Karlsen, D. A., Pedersen, J. H., Olaussen, S., and Backer-Owe, K., 2016. Journal 

of Petroleum Geoscience, Published Online First, doi: https://doi.org/10.1144/petgeo2017-035

(References are made to tables and figures found in paper 1) 

Paper 1 evaluates the thermal maturity, hydrocarbon potential and kerogen type of Mesozoic 

sediments, range in age from Early Triassic to Early Cretaceous. The samples were collected 

from offshore wells from the southwestern Barents Sea and from outcrop sites on Svalbard 

(Tables 1 & 2; Figs. 1 & 2). The offshore samples were collected from shallow wells (i.e. 

wells drilled on stratigraphically high positions) from the Svalis Dome, Bjarmeland Platform 

and the Nordkapp Basin and from deep exploration wells from the Hammerfest 

Basin/Nyslepp Fault Complex, Bjarmeland Platform and the Bjørnøya East area (Fig. 1). In 

total, we analysed 144 samples: 134 shale/mudstone and 10 coal or coaly shale. All samples 

were analysed for TOC and Rock-Eval parameters. 

TOC and Rock-Eval analyses of the samples show significant lateral variations in terms of 

maturity, petroleum potential and kerogen type (Tables 2 & 3; Figs. 5–9). Tmax and production 

index (PI) of the samples show that the levels of maturities in general range from immature to 

postmature with respect to the oil window (cf. Hunt, 1996). However, most samples are either 

immature or oil window maturity. The immature thermal maturity level corresponds to 

samples collected from shallow drilling wells, while the postmature level corresponds to 

samples from exploration well 7321/8-1 (Bjørnøya East area). All outcrop samples (i.e. from 
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Svalbard) were within oil window maturities, of which the early oil-window maturity 

corresponds to the Middle Triassic Botneheia Formation samples. In most cases, there was a 

very high degree of consistency between Tmax and PI values, except in a few samples from the 

Hammerfest Basin where the PI values were relatively high. We interpreted the high PI to 

indicate some level of migration or some degree of oxicity. 

The TOC and Rock-Eval data reveal that the Middle Triassic Botneheia Formation (Svalbard), 

the Early-Middle Triassic Steinkobbe Formation (Svalis Dome) and the Upper Jurassic 

Hekkingen Formation (Bjarmeland Platform and Nordkapp Basin) have good to excellent 

source rock potential for petroleum generation. When samples from different locations but 

from equivalent time of deposition are compared, quality of source rocks (oil-proneness) is 

higher in the western areas, such as the Svalis Dome and Svalbard, than in the eastern areas, 

such as the Bjarmeland Platform, Hammerfest and the Nordkapp basins. The paper suggests 

that variations in organic facies are responsible for the lateral variation in quantity and 

kerogen type of the organic matter.  

Late Triassic age shale/mudstone samples, in general, have moderate TOC values (mostly >1 

wt%) but are virtually gas prone due to low HI, mostly between 50 and 150 mg HC/g TOC. 

Variable source rock characteristic in these Late Triassic age samples could be due to 

variations in thermal maturities as well as organic facies. Upper Triassic Snadd Formation 

samples from well 7321/8-1 (Bjørnøya East area) have HI values lower than 50 mg HC/g 

TOC and could be associated with the postmature level of maturity. The best quality source 

rock of the Late Triassic Snadd Formation samples was found in the Svalis Dome area where 

the formation is immature and the HI value varies from 152 to 236 mg HC/g TOC (Type III/II 

kerogen).  

The paper furthermore described oil-and gas-prone coal samples of Late Triassic age, as 

opposed to previous geochemical investigations which focused on Tertiary and Palaeozoic 

coals (e.g. Marshall et al., 2015; Van Koeverden et al., 2010). Such recognition may improve 

our understanding of the petroleum systems based on coals in the Barents Sea.  

The Upper Jurassic–Lower Cretaceous Hekkingen Formation is more oil prone in the 

Bjarmeland Platform (Type II kerogen) compared to the Nordkapp Basin (mixed Type II/III 

kerogen).  
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The Lower Cretaceous Kolje and Rurikfjellet formation samples analysed have low HI values 

(23–66 mg HC/g TOC) and are non-generative in the investigated intervals. However, this 

study does not exclude the possibility that better source rock units of this age may exist 

elsewhere in the study region.  

The immature level (i.e. Tmax <430 °C and PI <0.1) of the Steinkobbe/Kobbe and Hekkingen 

formation samples imply that the samples have not generated petroleum. In such cases, the 

measured parameters such as the TOC, hydrocarbon potential (S2) and HI correspond to the 

original values inherited from the organic facies. This could help to estimate the amount of 

generated petroleum for similar age sediments of the same organic facies in areas where the 

samples have entered oil window maturity. 

The NPD has, in its 2017 petroleum resource evaluation report, stated that the Triassic source 

rocks (Steinkobbe/Botneheia Formation) may increase the probability of oil in the Barents 

Sea North compared to the more explored Barents Sea South, where Jurassic rocks are 

considered to be the main source rocks. In this context, the present study will significantly 

contribute to the knowledge required for the understanding of the petroleum system of the 

unexplored part of the Barents Sea.  

 

 

 Paper 2 4.2

High-resolution organic carbon–isotope stratigraphy of the Middle Jurassic–Lower 
Cretaceous Agardhfjellet Formation of central Spitsbergen, Svalbard. 

Koevoets, M., Abay, T. B, Hammer, Ø. and Olaussen, S., 2016. Palaeogeography, 
Palaeoclimatology, Palaeoecology 449, 266-274. http://doi.org/10.1016/j.palaeo.2016.02.029. 

(References are made to figures found in paper 2) 

 

In this paper, a total of 108 samples from the Early Cretaceous–Middle Jurassic Agardhfjellet 

Formation in two drilled cores, DH2 and DH5R, from central Spitsbergen, Svalbard were 

analysed for total organic carbon (TOC), Rock-Eval parameters and stable carbon isotope 

( 13C) values. We determined the hydrocarbon potential, maturity and kerogen type of the 

samples from the composite section (DH2 and DH5R), which has a total thickness of about 
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250 m. Moreover, we examined if the 13C values are related with the TOC and Rock-Eval 

parameters and/or if the 13C downhole trends from the study section are correlatable with 

other known trends elsewhere. The Agardhfjellet Formation comprises four members: 

Oppdalen, Lardyfjellet, Oppdalssåta and Slottsmøya, from bottom to top (Dypvik et al., 1991). 

The results show that the distributions of the TOC and Rock-Eval data, laterally between the 

DH2 and DH5R cores, and vertically within the composite section are fairly uniform (Fig. 4). 

However, values of some parameters, including TOC, S1 and S2 are higher for the top 

Oppdalen and the Lardfjellet members, which are black shales, deposited in the Oxfordian-

Kimmeridgian interval. In the Lardfjellet member, measured TOC values reach up to 11 wt% 

in well DH5R, from which most samples representing the Lardfjellet and the Oppdalen 

members were collected (Fig. 4).  

Despite the overall high TOC contents, the organic matter in the Agardhfjellet Formation is 

gas-prone (kerogen Type III) with HI values <200 mg HC/g TOC. Reduced HI values relative 

to TOC contents can be attributed to high thermal maturation (e.g. Peters et al., 2005, p. 768), 

and in the studied samples from DH5R well the Tmax values range from 455 to 476 °C. These 

Tmax values are above 465 °C, for 70% of the overall samples analysed. This implies that the 

Agardhfjellet Formation was deeply buried before the Tertiary uplift, which occurred in the 

region (Ohm et al., 2008).  

The effect of thermal maturation on the organic matter is more or less similar over the limited 

vertical depth, from which the samples analysed were taken. Thus, the observed vertical 

variation in some of the parameters is likely due to organic facies variation. It is suggested 

that a detailed study of the kerogen and palynology could offer a better understanding. 

The stable carbon isotope ( 13C) values of the composite section (DH2 and DH5R) show an 

overall decreasing trend upwards, with values in the range from -32‰ to -24‰ (Fig. 4). We 

found that the 13C data shifted to more positive values in the Callovian–Oxfordian section 

and to more negative values around the Middle Volgian. These anomalies indicate positive 

and negative carbon isotope excursions in the investigated section.  

The TOC and Rock-Eval data do not show significant variations throughout the composite 

section except the increased values in some of the above-mentioned parameters around the 

Oxfordian–Kimmeridgian interval, which neither coincides with the observed isotope 

excursions. This indicates that local differences related to the TOC and Rock-Eval data, such 
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as thermal maturity and kerogen type, are not the primary controlling factors for the observed 

vertical trend in 13C in the Agardhfjellet Formation.  

On the other hand, there is a strong correlation between the Svalbard composite 13C trend 

and other global 13Corg curves (Fig. 6), which have been used as global chemostratigraphic 

markers. In this context, it was concluded that the Callovian–Oxfordian positive and the 

Middle Volgian negative 13Corg excursions and the Kimmeridgian–Middle Volgian negative 

trend for the investigated Middle Jurassic–Lower Cretaceous Agardhfjellet Formation are 

consistent with several other anomalies reported from elsewhere in the Boreal realm (e.g. 

Hammer et al., 2012; Katz et al., 2005; Nunn et al., 2009; Padden et al., 2002; Zakharov et al., 

2014) and therefore reflect a global event. 

 

 

 Paper 3 4.3

Migrated petroleum in outcropping Mesozoic sedimentary rocks in Spitsbergen: organic 
geochemical characterization and implications for regional exploration.  

Abay, T. B., Karlsen, D.A., Lerch, B., Olaussen, S., Pedersen, J. H. and Backer-Owe, K., 
2016. Journal of Petroleum Geology, 40, 5-36. http://doi.org/10.1111/jpg.12662. 

(References are made to tables and figures found in paper 3) 

 

Early in the project stains by migrated petroleum were observed in sandstone and carbonate 

rock samples from the Mesozoic sedimentary rocks in Spitsbergen, Svalbard. The first 

objective of this paper was, therefore, to uncover if the petroleum was actually migrated as 

opposed to in-situ bitumen. The study relies on data derived from seven outcrop and one core 

samples (Table 1; Figs. 1 & 2). Additional analytical data from one palaeo-seepage oil were 

also included.  

The findings indicate that the samples contain migrated petroleum. The presence of migrated 

petroleum was evidenced by quantitatively more free hydrocarbon (S1) than hydrocarbon 

generated during pyrolysis (S2), high production index (0.52–0.85), higher saturated and 

aromatic hydrocarbon compounds than polar compounds, high saturated to aromatic 

hydrocarbon ratio (3.46–13.4), the presence of unresolved complex mixtures under n-alkanes 
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from GC-FID and by the presence of C1–C4 gas inclusions trapped in quartz and calcite 

cements of these samples. These geochemical evidences revealed that oil has migrated out of 

mature source rocks, described in papers 1 and 2. 

The second objective of the paper was then to further analyse the migrated petroleum 

(extracts) for biomarker traces and stable carbon isotope to describe the variations of the 

petroleum in terms of composition, level of biodegradation and maturity and to interpret the 

source rock affinity and the likely depositional environments. 

The GC-FID, GC-MS and carbon isotope data suggest that the migrated petroleum can be 

divided into two petroleum groups, I and II. Both petroleum groups were sourced from a 

marine organic matter of mixed Type II and Type III kerogen deposited in suboxic to oxic 

environment with some contribution from terrigenous organic matter (Tables 6 & 8; Figs. 11, 

12 & 13).  

The biomarker parameters suggest that the source rocks for these petroleums are likely the 

Middle Triassic Botneheia and the Middle Jurassic to Lower Cretaceous Agardhfjellet 

formations (Figs. 14 & 15). For some samples, the oil–source rock correlation was attempted 

with uncertainties due to contamination by low mature biomarkers, probably picked up from 

migration avenues (Fig. 7).  

Three relative maturation levels, corresponding to generations at early- to -mid oil window 

(ca. 0.70–0.8%Rc), early peak oil window (0.8–0.9%Rc), and late oil window/ condensate (1–

1.6%Rc), are indicated based on biomarkers and aromatic hydrocarbon parameters (Figs. 6 & 

7; Table 8). Group I petroleum represent mostly light oil and condensates. On average, it was 

found that Triassic host rocks contained petroleum of higher maturity compared to the 

Jurassic and Cretaceous host rocks.  

Based on molecular and isotopic compositions, the C1–C4 gas inclusions in the quartz cements 

of the sandstone samples are entirely thermogenic and are indicated to have a similar maturity 

to the extracted petroleum from these sandstones. From this point of view, we concluded that 

the inclusion gas was generated together with the oil likely from the same source rock. By 

contrast, the gas from inclusions in calcite cements of the carbonate samples was mixed origin 

(i.e. thermogenic and biogenic). 

Slight to moderate biodegradation was found in some of the extracts from eastern Spitsbergen, 

while no biodegradation was recorded for extracts from central Spitsbergen (Figs. 5 and 18). 
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We suggest that the biodegradation is a recent phenomenon and most likely occurred after the 

last glaciation.  

It is felt that the integration of data from the core extracts with results from the diagenetic 

inclusion gases provides a wider perspective of the petroleum systems. This is useful to 

exploration, in particular in frontier basins, where knowledge of the petroleum system is 

usually limited.  

The outcropping sedimentary rocks from which the samples of this study were collected are 

analogues to offshore reservoir rocks on the Norwegian continental shelf, especially in the 

Barents Sea. Therefore, this study may help to improve our understanding of the subsurface 

offshore petroleum systems and will contribute to future exploration. 

 

 

 Paper 4 4.4

Vertical variations in reservoir geochemistry in a Palaeozoic trap, Embla Field, offshore 
Norway.  

Abay, T. B., Karlsen, D. A. and Ohm, S. E., 2014. Journal of Petroleum Geology 37, 349-372. 
http://doi.org/10.1111/jpg.12590. 

(References are made to tables and figures found in paper 4) 

 

Paper 4 demonstrates how gross compositional and molecular data can be used to understand 

petroleum column heterogeneities and filling history of a reservoir. We analysed 20 core 

samples and a DST oil sample from well 2/7-26S from the Embla Field, Central Graben, 

Norwegian North Sea. In addition, a North Sea reference oil (NSO-1) was analysed for 

comparison.  

The Embla Field, located in the greater Ekofisk area, is the only field which produces oil from 

a Palaeozoic reservoir rock in the Norwegian North Sea. The reservoir rock at the studied well 

is divided into upper and lower sandstones by a mudstone succession (Fig. 1). The upper 

sandstone is currently the producing section with temporal pressure re-equilibrium. With 

respect to this, a central question relates to the degree of vertical communication between the 

upper and lower sandstone units. Based on production data, Knight et al. (1993) suggested 
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that horizontal and/or vertical fluid barriers may exist within the Embla Field. One of the 

purposes of this paper was, therefore, to determine whether such barriers exist based on 

geochemical data. Underlying the reservoir are mudstones and fractured rhyolites. The core 

samples from these fractured rhyolites are filled with black semi-solid bitumen, which is also 

present in the surfaces and pores of the sandstone cores (Fig. 3).  

The core samples analysed were randomly selected and consist of five samples from the upper 

sandstone, nine samples from the lower sandstone, two samples from the mudstone and four 

samples from the rhyolite (Table 1; Fig. 3). We used Iatroscan TLC-FID, GC-FID and GC-

MS techniques to investigate the variations in petroleum gross composition, thermal 

maturation and biodegradation between the upper and the lower sandstones and the fractured 

rhyolites and to determine the source rock facies.  

The result from the Iatroscan TLC-FID indicated that total extractable organic matter (EOM) 

yields (saturated hydrocarbons plus aromatic hydrocarbons plus polar compounds) decrease 

with depth in well 2/7-26S (Fig. 4). Total EOM yields were generally high in the sandstones 

and very low in the fractured rhyolites and mudstones, varying from 0.28 mg/ g rock 

(rhyolite) to 56.24 mg/ g rock (upper sandstone). In the rhyolites, the bitumen occurred only 

in the fractures. Polar compounds (resins plus asphaltenes) generally increase with depth 

(Table 2; Figs. 4–6). 

 

While both upper and lower sandstones are generally rich in total EOM yield, variations in 

terms of abundance and composition were observed. Both the total EOM yield and the free 

hydrocarbon fraction (saturates plus aromatic) were higher in the upper sandstone than in the 

lower sandstone. The nonhydrocarbon fraction (i.e. polar compounds) was 2 to 3 times higher 

in the lower sandstone than was in the upper sandstone. With regard to the rhyolites, polar 

compounds are dominant and range from 56% to 69% of the total extract.  

 

Thermal maturity data show that the bitumens extracted from the upper and lower sandstones 

are of medium to high maturity and show different biomarker and aromatic maturity 

signatures (Figs. 8 & 10). The extracts from the lower sandstone exhibit higher maturity than 

that from the upper sandstone, corresponding to the late-oil window/condensate and to the 

peak-oil window, respectively (Table 4; Fig. 11). The bitumens extracted from the rhyolites 

show the lowest maturity. Concerning the sandstone extracts, the aromatic parameters are 
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more useful for maturity assessments than the biomarker parameters because of the limited 

dynamic range of the latter, in which most isomerisation parameters have reached equilibrium.  

Organic facies was determined from GC-FID and GC-MS parameters (Table, 3; Figs. 12, 18–

20). Higher C27 sterane distributions over C28 steranes and C29 steranes, Pr/Ph ratios of 0.96 to 

1.15 and low hopane/sterane ratios for most of the upper sandstone, lower sandstone and 

rhyolite core extracts suggest that the petroleums were derived from a shale source rock with 

organic matter of Type II kerogen, deposited in a marine environment. By contrast, the North 

Sea oil (NSO-1) appears to be originated from Type II/III kerogen, deposited in an open 

marine environment. Sterane and Pr/Ph ratios for Embla DST oil fall between that of the core 

extracts and the NSO-1 oil (Figs. 12, 18 & 19). From this, we suggest that the DST oil 

represents a mixture of the oil type found in the C15+ extracts and the oil type found in the 

NSO-1 reference oil. 

 

Biodegradation signatures were found in all core extracts in varying levels, and is indicated by 

the reduction in the n-alkanes compared to the isoprenoids (Pr and Ph), the presence of 

unresolved complex mixture (UCM) hump in the GC-FID chromatograms (Figs. 13–16), the 

semi-solid bitumen, the high polar contents and by the existing compositional gradients (Figs. 

3 & 4), as well as by microscopically identifiable dark stainings previously reported by 

Bharati (1997). Extensive biodegradation is suggested in the rhyolite core extract (Fig. 16). 

The DST and NSO-1 oil samples are non-biodegraded as evidenced by well-preserved n-

alkane profiles with no UCM in their chromatograms (Fig. 17). 

 

The sandstone extracts, which revealed the biodegradation, also contain significant n-alkanes 

in the C13+ range. We concluded that this coexistence indicates mixing of palaeo-oil (i.e. 

biodegraded) with fresh undegraded oil.  

 

Because the Embla reservoir is at a present-day depth of more than 4 km and temperature of 

165 ºC, we suggest that the oil-bearing reservoir units were uplifted to shallower depths, at 

which the optimal temperature required for aerobic biodegradation exists. 

 

Reduced amounts of water-soluble compounds such as toluene in Embla produced oils 

suggest water washing during migration (Fig. 21).  
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In light of the dissimilarities in geochemical data between the core extracts and the Embla 

DST oil and of the discussion given above, we proposed a filling history that involved two 

charges of petroleum migrating into the reservoir rock at two different periods. The first 

petroleum charge, which is shown to be different from the Kimmeridge-sourced North Sea 

petroleum, represents a palaeo-filling event and is suggested to have charged the Embla 

reservoir around the end of the Triassic. This petroleum was then biodegraded in the reservoir 

which must therefore have been uplifted to depths of less than ca. 2 km (equivalent to ca. 70–

80 °C). It was concluded that such petroleum is now represented as grain coatings and 

porosity fillings in the reservoir sandstone and as fracture fillings in the rhyolite. The palaeo-

oil is compositionally different to the North Sea reference oil. 

 

Due to later burial, the Embla reservoir is today at a depth of more than 4 km. The burial also 

resulted in the formation of a new cap rock and in the generation of more recent “Ekofisk” 

type oil, which started to refill the Embla structure around the end of the Cretaceous, when the 

Kimmeridge-equivalent Mandal Formation became thermally mature.  

 

The Embla producible oil (DST) largely represents this second oil, which is highly mature and 

nonbiodegraded. However, we argue that the DST oil contained some geochemical signatures 

from the oil type represented by the C15+ extracts (palaeo-oil) as well as from the North Sea 

reference oil (Figs. 12, 18 & 19), suggesting that the second charge remobilized the pre-

existing oil. However, it is important to note that the light hydrocarbon fractions found in the 

Embla producible oil today must have originated from the Mandal-derived oil (i.e. second 

charge) as these light fractions were lost from the system during the biodegradation phase of 

the first oil. 

 

Production from the Embla Field well 2/7-26S is only occurring during pressure rebuild (Ohm 

et al., 2012), despite porosities of 10–20% (Bharati, 1997), indicating that the intra-reservoir 

communication is obstructed by vertical barriers. We concluded that the semi-solid bitumen 

from the palaeo-oil may have effectively filled the pore space and close pore-throats to act as 

flow barriers, decreasing the permeability of the reservoir and reducing the water drive 

efficiency (Dahl and Speers, 1986). This may imply that the Embla reservoir is vertically 

compartmentalized. Pressure communication within the sandstones is therefore low, 

especially in the lower sandstones at well 2/7-26S. Palaeo-biodegradation phenomena are 
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responsible for these heterogeneities but may have also caused preservation of porosity for the 

second petroleum charge. 

 

 

 Paper 5 4.5
 

Regional petroleum alteration trends in Barents Sea oils and condensates as a clue to 
migration regimes and processes. 

Lerch, B., Karlsen, D.A., Abay, T.B., Duggan, D., Seland, R. & Backer-Owe, K. 2016. AAPG 
bulletin, 100, 165-190, http://doi.org/10.1306/08101514152. 

 (References are made to tables and figures found in paper 5) 

 
This paper, which deals with a series of oils and condensates, demonstrates how 

postgenerative alteration processes such as biodegradation, evaporative fractionation and 

water washing can be traced through geochemical data from light hydrocarbon (LHC) 

compounds in the C4–C8 gasoline range. Such LHC fractions comprise a substantial portion of 

petroleum and provide reliable data for correlation of high-mature oils and condensates, 

where heavier hydrocarbon compounds such as sterane and hopane biomarkers are commonly 

in very low concentrations or absent (Mango, 1987, 1990a, b, 1994; Schaefer and Leythaeuser, 

1980; Schaefer and Littke, 1988; Seifert and Moldowan, 1978; Ten Haven, 1996; Thompson, 

1987; Thompson, 1983). 

With this in mind, the paper aims to investigate effects induced by migration and reservoir 

alteration processes and to evaluate the thermal maturity and source rock facies of a total of 

46 oil and condensate samples from the Norwegian Barents Sea (Table 2). This, together with 

papers 1-3, enlightens a perspective into the petroleum systems of the Barents Sea. 

 

The results of the study show that phase fractionation effects are manifested in the 

Hammerfest Basin samples only (Fig. 3). Elevated aromaticity found in condensate samples is 

related to repeated gas-stripping events. A pressure decrease associated with uplift or 

migration is interpreted to account for the separation of a single phase into two phase system, 

resulting in the formation of a gas or condensate cap above fractionated oil—depleted in light 

hydrocarbon components (Figs. 9 & 12). The study show that geochemical data obtained from 

these petroleum phases could be used to determine information regarding the trap classes and 

the effects of remigration, which is thought to have resulted in the redistribution of oils from 
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one trap to another in the updip direction in accordance with a proposed fill-spill model (Fig. 

12).  

 

 

Consistent with this fill-spill mechanism, the content of water-soluble LHC compounds, such 

as toluene and benzene were used to deduce migration of petroleum in the southwestern 

Barents Sea (Fig. 13). A relatively high content of water-soluble light hydrocarbon 

compounds, such as toluene and benzene in the Tromsø Basin and in most Hammerfest Basin 

samples suggest a local origin of these components. On the other hand, depleted contents of 

these compounds in the Måsøy-Nyslepp Fault Complex samples suggest long-distance 

migration (Fig. 13). This observation led us to tentatively suggest an oil migration from the 

central part of the Hammerfest Basin towards southern margins and towards the Måsøy-

Nyslepp Fault Complex (Fig. 16). This could imply that more oil discoveries are likely to be 

made in the structurally higher areas, where the cap rock allows gas leakage while preserving 

oil. Consequently, this implies that pessimistic aspects of uplift should not discourage 

exploration interests, as long as the cap rock is capable of holding the oil, which is the case of 

e.g. the Goliat Field (Fig. 12). 

 

The light hydrocarbon compounds furthermore demonstrate that signature of biodegradation 

was mainly confined to samples that were collected from basin margins (Figs. 3, 4 & 16). We 

believe that meteoric water, favoured by uplift and glacial events, to have intruded into these 

elevated basin margins. Thus no evidence is seen to support the so called ''palaeosterilization'' 

model of Wilhelms et al. (2001). On the contrary, the uplifted oil reservoirs are biodegraded 

when accessible to meteoric water in updip proximal positions. 

 

The study found no evaporative fractionation effects on the Bjarmeland Platform, in the 

Nordkapp Basin and on the Loppa High samples, which appear to be normal and non-

fractionated oils (e.g. Figs. 3 & 16).  

 

Integration of data from the LHC fraction with the C15+ range indicated mixing of petroleum 

from at least two charges. Coexistence of fresh, unaltered light hydrocarbon fraction and 

biodegraded C15+ range in sample B2 from well 7120/1-2 from the southern margin of the 

Loppa High reveals fresh and recent migrated light hydrocarbon mixed with palaeo-oil (Fig. 
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14). This may suggest the existence of a live petroleum system in the southern margin of the 

Loppa High area. 

 

Light hydrocarbon maturity parameters indicate that the highest maturity is found in the 

Tromsø Basin samples (Figs. 5 & 6).  Based on these data, we suggest that a decreasing trend 

in thermal maturity of the light hydrocarbon fractions occurs from the eastern part of the 

Tromsø Basin towards the Måsøy-Nysleppen Fault Complex (Fig. 16). However, high 

maturities were also observed in the samples from the Nordkapp Basin and Finnmark 

Platform, which are located in the most eastern part of the study area. Low to medium 

maturities are suggested for the Hammerfest Basin margin oil samples. 

 

Organic facies related parameters, in a general sense, indicated generation of the light 

hydrocarbon fraction from source rocks comprising kerogen Type II-III for most samples (Fig. 

8). However, we perceive a source rock containing Type II kerogen the most likely source for 

the Loppa High samples. 

 

The study implies that geochemical information extracted from light hydrocarbon fractions is 

particularly suitable schemes for conducting geochemical investigations of oils and 

condensates, which are commonly depleted in biomarkers. The proposed fill-spill/remigration 

mechanism, which redistributes petroleum from the center of the basin towards peripherals, 

implies that more discoveries are likely to be made in the structurally elevated traps.  
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5 Concluding remarks 
 

In this PhD project geochemical methods were applied to rocks, rock extracts, oils, 

condensates and inclusion gases with aim to get insight into the application of these 

methodologies and how they may improve our understanding of petroleum systems aspects, 

including source rock facies, thermal maturity, biodegradation, water washing, evaporative 

fractionation and reservoir heterogeneities, using examples from the NCS.  

Issues of petroleum source rock properties in terms of quantity and quality of organic matter, 

organic facies and source rock maturation were the focuses of Papers 1 & 2. Understandings 

of these parameters help to justify why source rocks vary in terms of their hydrocarbon 

generating capacity. The study in paper 1 demonstrated how data derived from immature rock 

samples make possible to determine the organic matter quality and quantity pertaining to the 

organic facies as a separate factor, and this can be used to estimate the original potential of 

source rocks and to determine the amount of petroleum generated from more mature 

analogous sediments. 

Paper 3 presented novel results of organic geochemical investigation of hydrocarbon-stained 

outcrop samples and a palaeo-seepage oil from Svalbard where we have identified 

allochthonous and hence migrated bitumen, i.e. palaeo-oil. This proves a working petroleum 

system in Svalbard. The study emphasized the importance of geochemical data from oil stains 

and the integration of these with data from gas inclusions in frontier areas, where data from 

drilled wells are limited or unavailable. Information obtained from outcrop samples were also 

shown to have regional significance because they can improve our understanding of 

subsurface offshore petroleum systems.  

Paper 4 presented detailed organic geochemical data on core extracts and DST oil from the 

Embla Field well 2/7-26S, known to have production problem. Issues of vertical reservoir 

communications were addressed and an attempt was made to understand the vertical 

heterogeneities and the filling history of the field. This has implication on field development 

and production. 
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Paper 5 utilized light hydrocarbon data derived from oils and condensates from the 

southwestern Barents Sea and attempted to enhance the understanding of the petroleum 

system of the region.  

In short, papers I and II described the organic matter in source rocks, while papers 3, 4 and 5 

described the generated hydrocarbon accumulations. The relationship between the organic 

matter in source rocks and the accumulated petroleum can be visualized as covering the whole 

spectrum of the petroleum system. In this respect, the thesis demonstrated variations in 

petroleum compositions that reflect the diversity of petroleums in terms of organic matter 

quantity and type, maturity and organic facies in the source rocks and in terms of secondary 

alteration processes, such as biodegradation, water-washing and fractionation in the 

accumulated petroleum. 

Geochemical investigations such as fluid inclusion analyses and Iatroscan TLC-FID were 

extensively applied to ''dry'' structures in the Norwegian North Sea and Norwegian Sea by 

Prof. D. A. Karlsen and co-workers from the University of Oslo to determine if such 

structures contained petroleum in the past. I suggest these techniques can also be applied to 

Barents Sea wells and to Svalbard's outcropping sandstone and carbonate rocks, which are 

analogous to offshore reservoirs on the Norwegian Continental Shelf. The TLC-FID is a fast 

and highly reliable method for mapping of petroleum column heterogeneities in oil reservoirs. 

This allows horizontal and vertical gross petroleum distribution to be established. Such study 

may, therefore, provide new perspectives to aid future petroleum production in the Barents 

Sea.   

Outcrop samples provide significant information regarding the subsurface petroleum 

resources and are often the only available sample type in the initial phase of a basin study. 

However, the question concerning weathering effects on surface samples is always in the back 

of the mind considering the quality of the outcrop samples. Thus, this issue was relevant in 

Svalbard since the initial studies of source rock quality, starting in the early 1980s and this is 

a relevant element to consider regarding all the published papers concerning petroleum 

geochemistry in Svalbard. Obtaining subsurface core samples for geochemical analysis has 

been limited and very expensive compared to outcrop samples, thus, at Svalbard, organic 

geochemical studies have been entirely based on outcrop samples and the geochemical data 

obtained from such outcrop samples have been inferred to be relevant also for samples at 

depth below the zone of weathering, and by extrapolation also into the Barents Sea. Data from 
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outcrops (samples assumed to have potentially undergone weathering) could be compared 

with fresh subsurface samples representing the same formation, which are now accessible 

from wells drilled for the Svalbard CO2 project (e.g. wells DH2, DH4 and DH5R). We, 

therefore, recommend that detailed organic geochemical data on outcrop samples and fresh 

core samples from the Agardhfjellet Formation could help to describe the organic matter and 

to investigate whether surface weathering has affected the amount of organic content and 

overall distribution of molecular compounds. 

In their immature stage, the source rocks with highest TOC and HI in the Barents Sea are the 

Steinkobbe and Hekkingen formations. While the organic matter in terms of TOC is higher in 

the Hekkingen Formation, the HI is higher in the Steinkobbe Formation. We believe that this 

is due to a higher proportion of inert organic carbon in the former. However, the proportion of 

the inert carbon has never been determined for these samples. Here, we suggest that future 

work could be done to determine the proportion of inert kerogen for the immature Steinkobbe 

and Hekkingen formations. 

The TOC and Rock-Eval data presented in papers 1 & 2 provide information about the 

organic richness, kerogen type and maturity; other analyses are required to determine the 

chemical and physical characteristics of the organic matter. Therefore, the samples with 

adequate TOC contents should be assessed in more detail by gas chromatography–flame 

ionization detection (GC-FID) and gas chromatography–mass spectrometry (GC-MS/MS).  
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